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Abstract 
CO2 storage appears as one of the best solutions to effectively decrease carbon 
emissions into the atmosphere in the short to medium term. CO2 can be stored in 
different types of geological formations. Among the various storing options, deep saline 
aquifers have the greatest capacity. As supercritical CO2 is injected in the aquifers, a 
number of strongly coupled chemical and physical processes occur. Among these 
various mechanisms, dissolution and precipitation of minerals, in particular carbonates, 
and halite deposition due to vapourisation of water require particular attention as they 
can lead to significant reduction in injectivity.  
This research investigated the mechanisms involved in injectivity losses through 
experimental and theoretical methods. The impact on injectivity of permeability 
changes occurring at various distances from the wellbore was studied using an idealised 
1-D CO2 injection well flow model. A new experimental set-up was used to investigate 
the effect on dissolution/precipitation mechanisms of the pressure and temperature 
changes that the fluid is subjected to as it advances from the wellbore. Additional CO2 
core flooding experiments were conducted on limestone and sandstone cores saturated 
with saline water in order to study the effects of water vapourisation. These 
vapourisation experiments aimed to provide a relationship between porosity changes 
and resulting permeability variations representing the effect of salt precipitation due to 
vapourisation. Such relationship was used to obtain more accurate results from a 2-D 
radial CO2 injection well flow model studying the effect of salt precipitation on the 
field. 
Numerical modelling of the injection wellbore have shown that changes in the 
petrophysical properties of the reservoir several metres away from the wellbore can still 
have a significant impact on injectivity. As indicated by the experimental research 
carried out, pressure and temperature gradients that exist inside the reservoirs may lead 
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to re-precipitation in the far field, however no significant permeability and porosity 
changes were detected to suggest major losses of injectivity due to these effects. The 
results of vapourisation experiments have shown that small reduction in porosity can 
induce significant impairments in permeability. Results of the 2-D model showed that 
without appropriate injection strategies the technical and economical feasibility of CO2 
storage projects can be compromised due to this effect. The numerical study also 
highlighted the possibility of the progressive formation of a layer of halite scaling in the 
interface between host-rock and cap-rock which would work as an extra sealing 
protection in the near wellbore area. 
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Chapter 1 Introduction and Objectives 
1.1 Introduction 
Fossil fuels currently supply about 85% of the world’s commercial energy demand 
(Davison et al., 2001; Voormeij and Simandl, 2002). Their utilisation is increasing the 
concentrations of CO2 in the Earth’s atmosphere to a great extent. This enhances the 
natural greenhouse effect, leading to a rise in the global average temperature (Bryant, 
1997; Davison et al., 2001; Holloway, 2001). According to the opinion of a number of 
scientists (Davison et al., 2001; Socolow, 1997) a drastic switch to non-fossil fuel 
energy sources, even if possible, would result in large disruption to the energy supply 
infrastructure, with important consequences for the global economy. Carbon capture and 
storage (CCS), wherein CO2 is captured from large emission sources and stored in the 
subsurface, is increasingly considered as the best short to medium term solution to 
reduce net carbon emissions into the atmosphere significantly (Bachu and Adams, 
2003). The great value of this technology stems from the fact that it would allow the 
continued use of fossil fuels, but with significantly lower CO2 emissions.  
The principle of storing CO2 in the subsurface is that a well, or wells, will be drilled into 
a geological formation and CO2 will subsequently be injected. CO2 permeates the rock, 
displacing the fluid and filling the intergranular pore space within rocks. This is how 
natural gas, oil, and indeed carbon dioxide occur naturally underground. Pore space is 
abundant in sedimentary rocks; some have up to 35% porosity i.e. the void space 
fraction of the bulk volume. Porosity is a fundamental parameter in CO2 storage 
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technology because it is in the pore space that CO2 will be injected and stored. It is, 
therefore, clear that CO2 injection has to be performed in highly porous rocks with large 
storage capacity. In addition to being highly porous, a reservoir rock suitable for CO2 
storage must have the ability to allow an easy flux through its interconnected pores. The 
rock’s ability to conduct fluids is defined as permeability. 
At depths below approximately 800-1,000 metres, the pressure and temperature are 
expected to be above the critical point (31.1ºC and 7.28 MPa), and CO2 occurs in the 
so-called dense phase, i.e. as a supercritical fluid (Figure 1.1). It is desirable to store 
CO2 in this phase because it has a liquid-like density and therefore would occupy much 
less space in the subsurface (Holloway and Savage, 1993).  
 
Figure 1.1: Phase diagram for CO2 (Holloway, 2001) 
In saline formations, CO2 tends to migrate upwards due the strong buoyancy forces 
generated by the difference in density (30-50%) between CO2 and the formation fluid. 
Over time, depending on the physical and chemical characteristics of the rocks and 
fluids, CO2 can virtually remain trapped underground for geological time scales by the 
effect of different trapping mechanisms. Initially, structural trapping of CO2 underneath 
an impermeable confining layer (caprock), such as very low permeability shale or salt 
beds, is the main method to store CO2 in geologic formations. As CO2 migrates through 
the formation, a part of it is dissolved in the formation fluids, and another part of it is 
retained in the pore space as a residual immobile phase. Furthermore, geochemical 
reactions with the minerals in the formation and caprock have the potential of 
permanently sequestering CO2 in a solid mineral form (Gunter et al., 1993). Figure 1.2 
 Introduction and Objectives	
 
25 
 
illustrates how these different trapping mechanisms contribute to secure CO2 storage 
over thousands of years. Over time, the storage security can increase as CO2 is trapped 
with the residual, solubility and mineral trapping mechanisms. 
 
Figure 1.2: Trapping contribution of the different mechanisms over time (Metz, 2005). 
According to Lindeberg (2003), in order to avoid the impact of CO2 on the climate for 
the future generations, the minimum average residence time of CO2 in a typical 
reservoir is estimated to be of at least 10,000 years. There are number of different 
options for storing CO2 underground; these are depleted oil and gas reservoirs, deep 
saline aquifers and unminable coal seams. From a capacity point of view, the deep 
saline aquifers offer the greatest potential. 
Underground storage of CO2 is not just a theoretical concept, but it is already applied in 
pilot and industrial scale projects. The best known commercial projects are: the offshore 
Sleipner natural gas processing project in the North Sea (Kongsjorden et al., 1998), the 
Weyburn Enhanced Oil Recovery (EOR) project in Canada (Preston et al., 2005),  the 
In Salah natural gas project in Algeria (Riddiford et al., 2005) and the Snøhvit natural 
gas project in the Barents Sea (Maldal and Tappel, 2004). In each of these projects 1–2 
Mt of CO2 per year is captured and stored in the subsurface. In addition to the CCS 
projects currently in place, the engineered injection of CO2 for enhanced oil recovery 
has been underway for many years in various parts of the world, with over 13,000 CO2 
EOR wells in the United States alone (API, 2007).  
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Despite this, it should be noted that CCS has not yet been applied at large (e.g., 500 
MW) fossil-fuel power plants. Before the CCS technology can be implemented on a 
large scale, researchers need to find answers to safety and performance concerns. One 
of the main concerns is the possibility of reduction or loss of injectivity in the wellbore 
region. In fact, unexpected losses of injectivity have been detected during many CO2 
injection projects (Goodrich, 1980; Grigg and Schechter, 1997; Hadlow, 1992; Rogers 
and Grigg, 2000). Geochemical reactions - dissolution/precipitation of minerals, in 
particular carbonates – and halite scaling due to water vapourisation can account for 
some of the field injectivity losses (Bowker and Shuler, 1991; Cailly et al., 2005; 
Carpita et al., 2006; Mathis and Sears, 1984). 
1.2 Research Objectives  
The main objective of this research was to establish a better understanding of the 
mechanisms involved in the injectivity losses which might be encountered during CO2 
injection in saline aquifers. In particular, the research focused on the impact of changes 
in the rock structure and flow properties resulting from interactions between the rocks, 
brine and the injected CO2. In this context, CO2 injection in depleted oil fields, natural 
gas reservoirs and unminable coal seams was not considered as being relevant to the 
thesis objectives. Research involved: 
1. Assessment of the impact of potential permeability changes on injectivity in the 
far field using a CO2 injection well flow model built using TOUGH2.  
2. Experimental and numerical investigation into the effects of 
dissolution/precipitation mechanisms on CO2 injectivity in the wellbore and far 
field regions. This included a study of the effects on permeability of 
pressure/temperature changes that the fluid is subjected to as it moves away 
from the wellbore.  
3. An experimental study into the impact of halite scaling due to water 
vapourisation during CO2 injection in saline aquifers. This part of the project 
aimed at establishing a relationship between porosity and permeability 
accounting for the drying-out process, which can then be used as input in 
numerical modelling. 
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4. A numerical study investigating the effects of salt precipitation on injectivity 
using a 2-D wellbore model built in TOUGH2.  
1.3 Structure of the Thesis 
A literature review on permeability and well injectivity during CO2 injection in saline 
aquifers is presented in the Chapter 2. This Chapter also includes a brief review on 
mineralogy and flow properties of reservoir rocks since these characteristics define the 
physical and chemical behaviour of the stored CO2. Particular emphasis is placed on the 
different mechanisms affecting CO2 injectivity. A detailed review of the experimental 
and numerical research carried out by previous researchers is presented, and the gaps in 
knowledge are highlighted.  
The findings of research investigating the impact of permeability impairments that 
could take place at different distances from the wellbore are discussed in Chapter 3. 
Detailed information on the relevant theory and the model geometry adopted for the 
simulations is provided at the beginning of this Chapter. Two different methods have 
been employed to compute the injectivity changes experienced due to impairments in 
permeability in saline aquifers at a depth of approximately 800 m and 1,500 m. 
Further to the numerical studies presented in Chapter 3, findings of laboratory 
experiments studying the impact of dissolution/precipitation mechanisms on CO2 
injectivity in the wellbore and far field regions are presented in Chapter 4. The core 
flooding experiments described in Chapter 4 differ extensively from the earlier work 
reported in the literature, as two cores, placed in two different flow cells connected in 
series, have been flooded at the same time. The two cores were subjected to different 
pressure/temperature conditions. Therefore, while the first core closely simulated the 
wellbore region; the second core was used to simulate a region far from the injection 
point where changes in temperature and pressure conditions are expected to occur. 
Reactive-transport models, which represented the flooding experiments, have also been 
constructed and run.  
The findings of novel laboratory experiments investigating the effects of halite scaling 
around the wellbore are presented in Chapter 5. The difference between the research 
presented here and previous work reported in the literature is that several levels of 
porosity and permeability alterations were obtained in order to build a relationship 
between porosity and permeability describing the salt precipitation effect. An 
 Introduction and Objectives	
 
28 
 
experimental rig has been constructed in order to perform the first set of experiments at 
atmospheric pressure and temperature conditions. Subsequently, a second experimental 
set up was assembled in order to work with supercritical CO2 and at simulated reservoir 
temperature and pressures of 45 oC and 8.0 MPa respectively.  
The findings of a numerical modelling programme investigating the impacts of salt 
precipitation in saline aquifers are presented in Chapter 6.  Results highlight the impact 
of permeability reductions in the area around the wellbore but also emphasise the 
possibility of salt precipitation beneath the caprock. 
Conclusions and suggestions for future work are presented in Chapter 7. 
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Chapter 2 Review of Literature on Carbon Dioxide 
Storage Reservoir Properties and 
Injectivity  
2.1 Mineralogy and Flow Properties of Reservoir Rocks 
Before discussing the effects of CO2 rock interactions on injectivity during CO2 storage, 
it is worth discussing the mineralogy and flow properties of sedimentary rocks, these 
properties govern their physical and chemical properties and therefore the fate of CO2 
stored in the subsurface. 
Sedimentary rocks are formed from accumulations of loose sand and muddy detritus, 
derived from breakdown of older rocks and brought together and sorted by water or 
wind. Some sediments are created mainly from the remains of animals and plants. 
Shelly and coral limestone, coal and many sedimentary iron ores are made up of such 
residues. Sediments may be also be formed by water evaporation and precipitation of 
the soluble minerals in it. The sediments are later converted to sedimentary rocks 
through diagenesis, which includes cementation and compaction.  
From hydrogeological point of view, these sedimentary rocks can be classified as three 
different types (Hitchon, 1996): aquifers, such as sandstone and limestone, into which 
water can be injected or from which water can be pumped; aquitards, such as shales, 
into which water cannot be injected, but through which movement of water occurs over 
geological periods of time; and aquicludes, such as salt beds, that are barriers to water 
movement. Permeability is the term used to describe the ability of a porous medium to 
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allow the flow of water or other fluids. Thus, aquifers have high permeability, aquitards 
low permeability, and aquicludes no permeability. Aquifers, such as sandstone and 
limestone, are the type of sedimentary rocks suitable for the injection of carbon dioxide, 
while aquitards or aquicludes, such as mudrocks and evaporites, constitute the cap rock 
sealing unit that will keep the CO2 underground. 
Sandstone is formed from diagenesis of sandy sediments, which are composed mainly 
of quartz (Figure 2.1). Other minerals which occur in sands are feldspar, mica, apatite, 
garnet, zircon, tourmaline, and magnetite; they are usually present in small amounts in 
many sands, but sporadically may be a major constitute. Sandstones may be classified 
according to their cementing material, or after constituents other than quartz (Blyth and 
De Freitas, 1960). Siliceous sandstone has cement of quartz or cryptocrystalline silica 
between the grains of quartz. This results in a very hard rock because of its high content 
of silica, which sometimes exceeds 90% of the whole. Ferruginous sandstone, red or 
brown in colour, has cement of iron oxide (hematite or limonite) forming a thin coating 
to the grains of quartz. Calcareous sandstone has a relatively weak cement of calcite, 
which is easily weathered by acids in rain-water or by CO2 dissolved in aqueous phase. 
Argillaceous sandstone, with a weak cement of clay, is a rock with a low strength. In 
many argillaceous sandstones there is a growth of clay minerals in the pore spaces 
between sand grains. This results in a rock with low porosity and permeability. Most 
rarely, sandstones may be cemented by a sulphite (pyrite), a sulphate (gypsum or 
barites), or a phosphate. A distinctive characteristic of sandstone is the bedding planes, 
which are the result of layered deposition taking place during changing environmental 
condition. Layering can introduce a significant difference between the vertical and 
horizontal flow of fluids. The vertical permeability may be 50-70% less than the 
horizontal permeability (Tiab and Donaldson, 1997).  
 
Figure 2.1:  Sandstone, typical of the kind of rock that would be suitable for geological 
storage of CO2 (IEA GHG, 2007). 
 Review of Literature on Carbon Dioxide Storage Reservoir Properties and Injectivity	
 
31 
 
Limestone essentially consists of calcium carbonate, with commonly some magnesium 
carbonate, and siliceous matter such as quartz grains. The average over 300 chemical 
analysis of limestones showed 92% of CaCO3 and MgCO3 together, and 5% of SiO2; 
the proportion of MgCO3 is commonly small (Blyth and De Freitas, 1960). There are 
three principal type of limestones (Tiab and Donaldson, 1997): Oolitic limestone, 
composed of small spherical grains of calcite (encapsulated fossils and shell fragment); 
Chalk, soft white limestone made of finely divided calcium carbonate; and Coquina, 
fossiliferous limestone composed almost entirely of fossil fragments cemented by a 
calcareous mud. Dolomitic Limestones and Dolomites are other important kinds of 
limestones. They contain double carbonate MgCO3.CaCO3 dolomite. Dolomite is made 
entirely of the mineral dolomite, but dolomitic limestone has both dolomite and calcite.  
Mudrock is used here as a general term for “shale” and “mudstone”. It is a fine grained 
sedimentary rock constituted by quartz grains having an average size of 15μm mixed 
with clays and organic materials. As Brindley (1981) describes, clays are layered 
silicates, which contain sheets of tetrahedrally and octahedrally coordinated atoms. 
Between these layers, there can be various cations, water molecules, hydroxy and 
hydrate complexes and organic liquids. On the basis of mineralogy and reactivity, 
Almon and Davies (1979) classified clays into four different types: 
1. Kaolinite [Al2Si2O5(OH)4]: a hydrated alumino-silicate that often occurs in 
plates or strings and can migrate as fines. 
2. Smectite: an alumino-silicate in which part of the aluminium is replaced by 
calcium, sodium and magnesium. These clays tend to swell in the presence of 
water. An example of smectite mineral is Montmormillonite 
[(Na,Ca)0.33(Al,Mg)2Si4O10(OH)2·nH2O].  
3. Illite [(K,H3O)(Al,Mg,Fe)2(Si,Al)4O10[(OH)2,(H2O)]]: a hydrated potassium 
alumino-silicate that has various morphologies. These crystals can form bundles 
or break off and pile up against pore throats, resulting in a loss of rock 
permeability.  
4. Chlorite: a hydrated alumino-silicate that may contain large amounts of iron and 
magnesium and that react readily with different acids. Clinochlore 
[(Mg5Al)(AlSi3)O10(OH)8] is an example of chlorite mineral. 
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Evaporite is a sedimentary rock made of deposited salts. They form in isolated basins by 
evaporation of water and subsequent precipitation of salts from concentrated solutions. 
Anhydrite (CaSO4), sodium halite (NaCl), sylvite (KCl), and other salts are the main 
components of evaporites. 
With the general exception of salt beds, all sedimentary rocks contain spaces between 
their constituent mineral grains that are filled with fluids (liquids and/or gases), by far 
the most common being formation water. The fraction of the bulk volume of the 
reservoir that is not occupied by the solid framework is a fundamental characteristic 
called porosity. This can be expressed in mathematical form as:  
b gr p
b b
V V V
V V
       (2.1) 
where: 
Φ = porosity, fraction. 
Vb = bulk volume of the reservoir rock, m3 
Vgr = grain volume, m3 
Vp =  void volume, m3 
The porosity of sedimentary rocks range from 5% to 40% but most commonly are 
between 10% and 20% (Tiab and Donaldson, 1997). The magnitude of porosity is 
governed by a number of factors: 
 Uniformity of grain size: if small size particles of silt or clay are mixed with 
larger sand grains, the porosity will be considerably reduced. Therefore, as 
described above, mudrocks have generally a much lower porosity than 
sandstones. 
 Degree of cementation or consolidation: the soft unconsolidated sandstones have 
high porosity, whereas the highly cemented rocks have low porosity. 
 Amount of compaction during and after deposition: compaction tends to close 
voids and squeeze fluids out bringing the mineral particles close together, 
especially the finer-grained sedimentary rocks. As a consequences, generally, 
porosity is lower in deeper, older rocks. However, exceptions to this basic trend 
are common. 
 Review of Literature on Carbon Dioxide Storage Reservoir Properties and Injectivity	
 
33 
 
From an engineering point of view, it is possible to classify porosity into two distinct 
types, namely, absolute (total) porosity and effective porosity. The absolute porosity, as 
previously defined, is the ratio of the total void space to the bulk volume, regardless of 
whether or not those void spaces are interconnected. Effective porosity, n the other 
hand, considers just the volume available to movement of fluids and solutes, i.e. the 
interconnected pores. The difference between the absolute and effective porosity is the 
isolated or non-effective porosity. A rock may have large absolute porosity and yet no 
fluid conductivity for lack of pore interconnections. Lava and pumice stone are 
examples of this. Porosity is an essential parameter in the context of CO2 storage 
because it is in it that CO2 is injected and stored. It appears, therefore, clear that the 
injection has to be performed in high porosity rocks with large storage capacity.  
In addition to have high porosity, a reservoir rock suitable for CO2 injection must allow 
an easy flux through its interconnected pores. The rock’s parameter which measure the 
ability to conduct fluids is called permeability. The permeability of a rock is connected 
with its effective porosity; therefore, it depends on the rock size, grain shape, grain size 
distribution (sorting), grain packing, and the degree of consolidation and cementation. 
Permeability is also affected by the type of clay or cementing material between sand 
grains, especially where fresh water is present (Tiab and Donaldson, 1997). Some clays, 
e.g. smectites (bentonite) and montmorillonites, swell in fresh water and have the 
tendency to partially or completely block the pore spaces. The French engineer Henry 
Darcy developed a fluid flow equation in 1856 from studies of water flowing through 
sand filters (Darcy, 1856). This equation, known as Darcy’s law, has become one of the 
standard mathematical tools of petroleum engineers. Darcy’s law is expressed in 
differential form as follow: 
v
kA dPQ
dL       (2.2) 
where: 
Qv = volumetric flow rate, m3/s. 
k = permeability of the porous rock, m2. 
A = cross-sectional area of the rock, m2. 
μ = viscosity of the fluid, Pa s. 
dP/dL = pressure gradient in the direction of the flow, Pa m-1. 
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In the SI system of units, the unit for permeability is m2, however, the field unit Darcy 
(D) (~10-12 m2) is widely used when referring to permeability in reservoir engineering 
publications. One Darcy is an extremely high permeability, rarely observed in a porous 
medium. Thus, a smaller unit of permeability, the millidarcy (mD), is widely used. 
Therefore, in this thesis, permeability is mostly reported in mD. The normally 
encountered range lies between few mD to over 10D in shallow unconsolidated reservoirs. 
The permeability, k, defined above, is called “absolute permeability” if the rock is 100% 
saturated with a single fluid (or phase). The absolute permeability is a constant property 
of the porous medium provided that: 
1. the flow is laminar, Newtonian; 
2. the fluid does not interact with the rock; 
3. the fluid is continuous. 
In the presence of more than one fluid (or phase), permeability is termed “effective” 
permeability (keo, keg or kew being oil, gas, or water effective permeability respectively). 
The ratio between the effective permeability of a given phase (ke) and a base 
permeability (e.g. kw at 100% water saturation) defines the relative permeability (kr). 
For example, CO2 relative permeability during a drainage test with a water saturated 
core would be: 
weCOrCO kkk /22        (2.3) 
Effective permeability is a function of saturation and therefore relative permeability of 
each phase is specified against fluid saturation. 
In the context of CO2 storage, another key property of rocks is the capillary pressure, Pc 
(Pa). Capillary pressure is the difference in pressure between two immiscible fluids 
across a curved interface at equilibrium. This property is particular important for the 
caprock because it controls its sealing capacity. Capillary pressure has an important 
impact on the buoyancy driven flow of CO2 and on the capillary trapping mechanism. 
The capillary pressure, Pc, in a pore throat can be calculated by Laplace’s equation: 
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2 cos /cP r       (2.4) 
where: 
σ = interfacial tension (IFT) between the non-wetting phase and wetting phase, 
Pa m. 
r = equivalent radius of the pore throat, m. 
ϑ = contact angle of the pore surface, degrees. 
Equation (2.4) shows that the capillary pressure is proportional to the IFT between the 
two phases and inversely proportional to the radius of the pore throat. Contact angle, a 
measure of the wettability of the solid surface, is also an important factor that 
determines the magnitude of the capillary pressure.  
2.2 Review of Previous Injectivity Studies 
Injectivity is described as the ratio between the injection rate and the difference in 
pressure between the injection point inside the well and the formation. Therefore, it 
characterises the ease with which fluid can be injected into a geological formation. This 
in turn establishes the amount of CO2 that can be injected or the number of wells 
required, and therefore determines the cost of the injection process. Injectivity is a 
crucial technical and economical issue for CO2 geological storage projects, since huge 
amounts of CO2 must be stored (Thibeau et al., 2003). It might be worth pointing out 
that current anthropogenic CO2 emissions are over 7 Gt C (gigatons of Carbon 
equivalent) per year (Burton et al., 2008). A recent study calculated cumulative future 
emissions of about 140 Gt C from combustion of fossil fuels by existing infrastructure 
between 2010 and 2060 (Davis et al., 2010). For a typical coal-fired power plant, up to 
several million tons/year will have to be injected into storage during 30-40 years (Cailly 
et al., 2005).  
Current pilot, demonstration and commercial storage projects, such as Sleipner and In 
Salah, have shown that CO2 storage in geological formations is technically feasible 
(Michael et al., 2010a). However, existing projects operate at a scale that is smaller than 
what would be necessary to significantly reduce CO2 emissions into the atmosphere. 
The infrastructures (including pipelines, platforms, wells, compressors) to inject CO2 
might need to be one or more orders of magnitude larger than that in the existing CO2 
injection projects and possibly even larger than current petroleum installations (Michael 
 Review of Literature on Carbon Dioxide Storage Reservoir Properties and Injectivity	
 
36 
 
et al., 2010b). Moreover, it might be necessary to use geological formations close to 
large CO2 emission sources but of lower quality compared with the ones exploited in 
current projects.  
Based on economic considerations, geological storage projects will be driven to inject 
as much CO2 as possible from the smallest number of wells. In  practice, CO2 injection 
will be performed at the largest bottomhole pressure that is safe, which is in turn 
established by the fracture pressure. For enhanced oil recovery (EOR) operations using 
CO2 injection, such as Weyburn, the number and location of injection wells is part of 
the optimisation of the oil recovery. Due to the size of the Utsira aquifer in the Sleipner 
operation and due to the high permeability of the sands, 1 Mt of CO2 per year can be 
injected into a single well without any injectivity problems or significant pressure 
increase (Cailly et al., 2005). The CO2 project at In Salah demonstrated that even in 
low-permeability aquifers, similar injection rates can be achieved by increasing the 
number of injection wells (Michael et al., 2010a). However, by increasing the number 
of wells, the cost of the process rises dramatically. Therefore, high injectivity has to be 
considered an essential requisite to limit the cost of large scale geological storage. 
Besides economic considerations, evaluating injectivity is also important to better 
evaluate the overall storage capacity, i.e. the proportion of the available pore volume 
occupied by CO2 (Ennis-King and Paterson, 2001). Finally, taking account of the 
petrophysical properties as a function of rock structure, it is very important to properly 
model the pressure field in the reservoir in order to ensure the well and the reservoir 
integrity. In fact, to introduce CO2 into the storage formation, the downhole injection 
pressure must be higher than the reservoir fluid pressure (Metz, 2005). Thus during 
injection, the pore pressure increases and this induces reservoir expansion. This 
phenomenon can result in shear stresses at the reservoir and cap-rock boundary (Cailly 
et al., 2005). Impairment of permeability and/or injectivity can then induce an 
unexpected increase in injection pressure and localised pore pressure. These effects may 
provoke fractures in the reservoir that can affect the safety of the CO2 storage process. 
The most important factor controlling injectivity is believed to be the formation 
permeability (Cinar et al., 2007). Figure 2.2 shows the effect of different permeabilities 
on the cost of storage from a study analysing the economics of a proposed 15 Mt CO2 
per year CO2 storage project into the Latrobe Group of the offshore Gippsland Basin in 
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Australia (Neal et al., 2006). The cost of storage more than doubles when permeability 
reduces from 150 mD to 50 mD. This is partly because below 100 mD several wells are 
required. Changes in storage cost become limited at permeabilities above 150 mD. 
These trends reflect the impact of permeability on the number of wells required. 
 
Figure 2.2: Impact of permeability on storage cost (Michael et al., 2010b). 
Another critical parameter is the formation thickness for vertical wells, or the length of 
the horizontal section considering horizontal wells (Burton et al., 2008). According to 
Darcy’s law, injectivity is proportional to formation thickness as it characterises the 
contact area that is available for the injection (Michael et al., 2010b). This suggests that 
the necessary number of wells and the cost of storage are inversely related to the 
formation thickness. Dissolution of CO2 in the formation brine may also have an 
influence on injectivity. This, in fact, by reducing the amount of mobile CO2, can 
increase injectivity. Based on simple simulations, Keith et al. (2004) reported that 
injectivity may increase up to 20% due to this effect. 
Research so far has shown that, in order to efficiently design the injection system, 
critical reservoir properties and therefore injectivity have to be accurately characterised. 
Despite our advanced understanding of the subsurface flow processes and a number of 
field projects, there still are gaps in our knowledge of CO2 injectivity in the subsurface. 
In addition, injectivity varies along with the injected CO2 volume. As many authors 
indicate (André et al., 2007; Burton et al., 2009; Zeidouni et al., 2009), depending on 
the saturation of CO2, three distinct regions will develop in an aquifer during CO2 
injection (Figure 2.3). These are: 
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1. Dry-out zone in the near wellbore region where brine has been completely 
vapourised; 
2. two-phase region where brine and CO2, both in aqueous and gaseous forms, 
coexist; 
3. fresh brine region far from the wellbore where brine has not been in contact with 
the injected CO2. 
 
Figure 2.3:  Three regions of flow developing in an aquifer during CO2 injection (Burton et 
al., 2009). 
Because of mutual solubility of CO2 and water, the three regions are separated by two 
fronts which move away from the wellbore as the injection progresses. Specific coupled 
multiphase physical and chemical phenomena (such as phase behaviour, fluid viscosity, 
relative permeability and capillary pressure, wettability, geochemical reactions, water 
vapourisation etc.) take differentially place in each of these regions modifying the 
reservoir properties, most importantly permeability, and therefore having an impact on 
injectivity. Therefore, the final impact on injectivity is not only dependent on the extent 
of the change in the reservoir properties but it is also a function of the distance from the 
wellbore where such changes occur. 
Most of the literature in CO2 injection is found in the context of oil recovery dealing 
with the Water-Alternating-Gas (WAG) process. Such a process comprises the 
alternating introduction of a non-condensable, miscible gas such as carbon dioxide, with 
an aqueous drive fluid, e.g., brine. A survey conducted by Rogers and Grigg (2000) on 
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CO2 flooding indicated that loss of injectivity on WAG cycles has been a crucial 
limiting factor in many projects. Based on fluid properties, CO2 injectivity should be 
significantly greater than brine injectivity because of the much lower CO2 viscosity 
compared to brine. However, a number of tertiary CO2 pilots, such as the Levelland and 
Slaughter Fields in West Texas and the Denver Unit in the Wasson Field have reported 
a significant loss of injectivity compared to the pre-gas waterflood (Henry et al., 1981; 
Christman and Gorell, 1990; Rogers and Grigg, 2000).  Rogers and Grigg (2000) 
suggested that the reduced injectivity reported in Levelland pilot has to be considered as 
an in-depth phenomenon, rather than a wellbore or near-wellbore condition such as skin 
or high saturation around the wellbore.  
Recently, IFP and Total have presented an interesting review on injectivity and near 
wellbore damage (Cailly et al., 2005). They collected observations from field cases, 
laboratory studies and numerical modelling. In most of the cases a decrease of 
injectivity has been observed. The mechanisms involved in these losses of injectivity 
are still a matter of debate. To date, the most credible causes are as follows: 
 multiphase flow (relative permeability effects);  
 CO2/oil interactions; 
 rock/fluid interactions. 
 
Multiphase flow can have an important influence on injectivity (Burton et al., 2009; 
Burton et al., 2008). Figure 2.4 illustrates results from relative permeability 
measurements conducted at reservoir conditions for three carbonate and three sandstone 
formations in the Wabamun Lake area southwest of Edmonton in Alberta, Canada 
(Bennion and Bachu, 2005).  
Further studies from the same authors (Bennion and Bachu 2008), indicated that due to 
multiphase flow, CO2 effective permeability can drop more than 70% and irreducible 
water can be up to 50%. 
Burton et al. (2009; 2008) found a four-fold variation in injectivity using data from the 
different CO2/brine relative permeability curves shown in Figure 2.4, holding all other 
parameters the same. It appears clear, therefore, that multiphase effects can introduce 
large uncertainties in estimating injectivity. 
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Figure 2.4:  Relative permeability data for CO2/brine system at in situ conditions for the 
following strata in the Wabamum Lake area, Alberta basin, Canada: (a) Viking, (b) 
Ellerslie, (c) Wabamum 1, (d) Wabamum 2, (e) Nisku, (f) Cooking Lake, and (g) 
Basal Cambrian (Bennion and Bachu, 2008). 
Uncertainties due to multiphase effects become even larger in case of injection in an oil 
reservoir (Roper Jr and Pope, 1992). Data analysis shows, in fact, that CO2 relative 
permeability in presence of residual oil must be either lower or greater than relative 
permeability of water in presence of residual oil (Christman and Gorell, 1990; Kamath 
et al., 1998; Prieditis et al., 1991; Roper Jr and Pope, 1992; Schneider, 1976). 
Therefore, it is not possible to establish a specific rule and each case needs to be studied 
separately. Several problems of injectivity losses are reported due to interactions 
between CO2 and oil. The mixing of these two elements can in fact generate the 
following phenomena: miscibility problems, swelling, viscosity effects and precipitation 
of organic deposits – mainly asphaltene (Cailly et al., 2005; Creek and Sheffield, 1993; 
Fleming et al., 1992; Goodrich, 1980). As stated in the previous Chapter, this research 
mainly focuses on the phenomena following CO2 injection in saline aquifers where 
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there is no presence of oil. In this case, CO2/oil interactions are not a main reason of 
concern.  
Rock/fluid interactions involve changes in the rock structure from a variety of strongly 
coupled physical and chemical processes occurring between the formation water, the 
reservoir rocks and the flooded CO2. In relation to injectivity, the following processes 
need to be highlighted: geochemical reactions (precipitation/dissolution of minerals) 
and salt precipitation due to water vapourisation. The next two sections are a literature 
review of the studies carried out by researchers on these mechanisms. Theoretical 
aspects and gaps in knowledge will be explained during the course of the discussion.  
2.2.1 Carbon Dioxide Injectivity Losses Induced by Geochemical Reactions 
A very specific characteristic of the CO2 injection process is the potential of 
geochemical reactions. It is of extreme importance to understand the direction, rate and 
magnitude of such reactions because they can have an impact on the feasibility of the 
injection process, on the ability of the host formation to safely contain the injected CO2, 
and on the durability of the storage (Rochelle et al., 2004).  
One of the first reactions involving CO2 will be dissolution in the formation water. This 
is believed to be a key element in the CO2 storage process because, once dissolved, CO2 
is much less mobile than in the supercritical phase (Voormeij and Simandl, 2002), and 
its migration will no longer be driven by buoyancy, but by slower regional-scale deep 
groundwater flow patterns (Gunter et al., 1997). Numerical modelling studies suggest 
that over the lifetime of the injection, up to 29% of the total CO2 injected would 
dissolve into the formation water (Bachu et al., 1994), and over centuries the entire CO2 
plume can dissolve (Ennis-King and Paterson, 2003). Dissolution of CO2 into brine 
generates carbonic acid, H2CO3, which subsequently dissociates into HCO3- and CO32- 
based on the following reaction steps (Izgec et al., 2008): 
)(2)(2 aqg COCO                                                                                       (2.5) 
)(322)(2 aqaq COHOHCO                                                                      (2.6) 
  )(3)()(32 aqaqaq HCOHCOH                                                                (2.7) 
  2 )(3)()(3 aqaqaq COHHCO                                                                     (2.8) 
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This series of reversible reactions are controlled by the in-situ thermodynamic 
conditions and salinity. The solubility of CO2 in water decreases with increasing 
temperature and water salinity and increases with increasing pressure (Figure 2.5).  
             
(a)                        (b) 
Figure 2.5:  Solubility of CO2 in water depending upon pressure and temperature (fig. a, from: 
Kohl and Nielsen, 1997) and from salinity (fig. b, from: Enick and Klara, 1990) 
The net effect of dissolving anthropogenic CO2 in water is the formation of acid with a 
lowering in pH. Generation of H+ depends also upon the possibility of reactions with the 
host mineralogy that buffers the pore water pH. For example, reactions that have the 
effect to consume H+ ions move the equilibrium of reactions (2.7) and (2.8) to the right, 
allowing more dissolution of CO2.  
Other mechanisms also contribute to the dissolution process. Firstly, further dissolution 
is promoted by diffusion of CO2 within the aqueous phase. The second additional 
mechanism that contributes to dissolution is convective mixing, occurring because brine 
saturated with carbon dioxide is around 1% denser than unsaturated brine. Therefore as 
the brine underlying the CO2 bubble beneath the seal becomes saturated with dissolved 
gas, a density inversion occurs. An instability happens once the layer of saturated brine 
becomes thick enough (due to diffusion), and plumes of brine saturated with CO2 
migrate downwards. The value of convection is based on the fact that it is able to mix 
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the dissolved gas typically orders of magnitude faster than pure diffusion, and thus it 
accelerates the overall dissolution process. 
The rate of dissolution is controlled by the surface area of CO2 in contact with the 
formation water (Voormeij and Simandl, 2002). If CO2 and water are in good contact 
and well mixed, dissolution can be a fast process (Rochelle et al., 2004). Studies in the 
past, indeed, showed that below 90 bar equilibrium can be achieved in less than one day 
(Ellis and Golding, 1963; Stewart and Munjal, 1970). Other studies at 80 oC and 200 bar 
(Czernichowski-Lauriol et al., 1996) show equilibrium in distilled de-ionised water and 
0.55 M NaCl solution in about 5 hours. From the same studies, an initial and maximum 
dissolution rate of 7 x 10-5 mol cm-2 s-1 is given. 
Following CO2 dissolution, depending mainly on subsurface thermodynamic conditions, 
fluid composition and rock mineralogy, a sequence of geochemical reactions, which can 
have a severe impact on porosity and permeability, can take place. A number of core 
flooding experiments in sandstone and carbonate rocks have been undertaken to identify 
the key reactions affecting the wellbore injectivity. These studies have considered both 
sandstone and carbonate rocks.  
The early tests were performed in the context of EOR operations and consisted of core 
flooding experiments with carbonated brine (Ross et al., 1982; Sayegh et al., 1990). In 
the first of these studies, Ross et al. (1982) reported dissolution of carbonates resulting 
from flooding of carbonate cemented sandstone in reservoir conditions. The carbonates 
most commonly found in reservoir rocks are those of calcium (calcite), calcium and 
magnesium (dolomite) and iron (siderite). In general, all the carbonates have a low 
solubility in pure water at atmospheric conditions but they become increasingly more 
soluble with rising water acidity and pressure. The main reactions, pointed out by Ross 
et al. (1982), are summarised below:  
  3233 2HCOCaCaCOHCOH                                              (2.9) 
  3233 2HCOMgMgCOHCOH                                        (2.10) 
  3233 2HCOFeFeCOHCOH                                            (2.11) 
Depending on pressure and temperature conditions, reactions involving carbonates are 
expected to occur in a relatively short timescale as compared to silicate minerals (Chou 
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et al., 1989). Results from a batch experiment, performed at 37 oC and 10 MPa using 
sand from the Utsira Sand Reservoir at the Sleipner field and synthetic Utsira pore water 
saturated with CO2 indicated that reactions involving calcite occurred mainly during the 
first 8 days with marginal chemical changes thereafter (Rochelle et al., 2002). During 
the same experiment the authors calculated a calcite dissolution rate of approximately 
3x10-15 mol cm-2 s-1. Other studies (Busenberg and Plummer, 1986; Chou et al., 1989) 
performed at atmospheric conditions in the pH 3-5 region estimated carbonate reactions 
six orders of magnitude faster than that reported by Rochelle et al. (2002).  
It is important to note that most of the geological formations suitable for CO2 storage 
contain carbonates in some form. These can constitute the bulk of formation rock in the 
case of limestone and dolomite reservoirs. In these formations, carbonated water, 
produced upon injection of CO2, reacts with the carbonate minerals in the rock and 
transports the dissolved products through the reservoir, leading to an increase in 
permeability along that flow channel. This dissolution effect is more pronounced in the 
vicinity of the wellbore since the flow rate is high and the carbonated brine solution 
reaches total bicarbonate saturation as the brine moves away from the injection well. 
This in turn can increase the flow rate along channel, and so accelerates the dissolution, 
leading to the formation of a characteristic dissolution pattern named as "wormholes". 
Such phenomenon was already observed by Ross et al. (1981) in their experiments, and 
evidence for it in field studies of CO2 injection for EOR operations in a carbonate 
reservoir is discussed by Mathis and Sears (1984).  
In sandstone rocks, carbonates are commonly present as pore filling and replacement 
cements consolidating the grains of sand. Since the cementing material in sandstones is 
located between sand grains adjacent to flow channels, a relatively small alteration in 
the pore structure due to carbonate dissolution, in this case, can lead to the release of 
particles which then migrate and plug flow channels, causing a drop in permeability.  
Fine migrations is not taken into account in standard geochemical models, leading to 
further uncertainties in predictive calculations (Rochelle et al., 2002). Experimental 
evidence (Gabriel and Inamdar, 1983; Gruesbeck and Collins, 1982; Sharma, 1985) 
suggests that there is a critical flow velocity (depending on permeability) above which 
migration of fines can significantly affect permeability. For sand particles with a mean 
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diameter ranging between 2.0 and 2.5 µm, Gabriel and Inamdar (1983) established that 
the critical mobilisation velocity was 7 x 10-5 m/s for Berea Sandstone core plugs.  
Therefore, Ross et al. (1982) observed reduction in permeability which was attributed to 
the disintegration of carbonate cements in the rock and movement of particulate matter 
into the throats of interstitial pores. Conversely, increases in permeability were in turn 
due to dissolution of carbonate in carbon dioxide enriched flood water. 
It is difficult to predict the net effect of dissolution and migration of fines, since it 
depends on the combination of several factors including heterogeneity, mineralogy, 
permeability and flow rate. According to Ennis-King and Paterson (2001), fines 
migration is most likely to occur near the wellbore where flow velocities are largest, 
whereas dissolution reactions will be most significant along high permeability paths and 
in the presence of carbonate minerals. 
In the same study, Ross et al. (1982) mentioned that an increase in total pressure at 
constant temperature and CO2 concentration causes an increase in the solubility of 
calcite. Starting from this consideration, Sayegh et al. (1990) in a study concerned with 
the effects of CO2 on the reservoir rock properties in the EOR process suggested that, as 
fluid advances further in the reservoir, some precipitation of calcium in the form of 
calcite can occur due to the rapid pressure drop: 
3
2
3
2 CaCOCOCa                                                                           (2.12) 
2233
2 2 COOHCaCOHCOCa                                                 (2.13) 
These reactions lead to the formation of an insoluble scale of calcite, which has the 
potential for significant reductions in matrix permeability. Mechanisms by which 
precipitation reduces permeability include formation of a precipitate on the pore walls 
due to attractive forces between the particles and the surface of the pores, individual 
particles plugging pore throats, and bridging of several particles across of a pore throat 
(Pruess et al., 2001). Moghadasi et al. (2004) suggests that permeability decline due to 
mineral precipitation in the porous bed can reach up to 90% of the initial permeability, 
depending on the thermodynamic conditions, solution composition, initial permeability, 
flow rate and solution injection time. 
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In their work, Sayegh et al. (1990) presented carbonated brine core floods at 45 oC and 
138 bar on sandstone samples from the Upper Cretaceous Cardium Formation at the 
Pembina oil field, Alberta, Canada. The experiments were carried out by circulating, at 
constant pressure and temperature, the same brine repeatedly through sandstone cores. 
This procedure had the aim of approximating what happens in a reservoir somewhere 
between injectors and producers, where the brine flowing through the rock has already 
contacted other portions of the reservoir.  
The authors observed a rapid decrease in permeability at an early stage during the runs 
(10 to 60% of the original value), after which permeability rose again approaching its 
initial value. They concluded that the reduction in permeability was due to fines 
migration (mainly illite) and the increase due to dissolution of calcite and siderite. This 
study might not be very representative of phenomena occurring in the far field because, 
being performed at constant pressure, it does not consider the decrease in calcite 
solubility due to the pressure drop. 
Bowker and Shuler (1991) reported carbonated brine core floods to simulate CO2 
injection into the Pennsylvanian-Permian Weber Sandstone formation at Rangely field, 
Colorado, USA. Samples of this carbonate-cemented sandstone were flushed for 
approximately 1 week at room temperature and pressures of around 13.8 and 20.0 MPa. 
Permeability of the sandstone cores remained largely un-altered throughout the 
experiments, although dissolution of ferroan dolomite was observed from changes of the 
fluid chemistry. Migration of clays was indicated as the mechanism that offset any 
possible permeability increases due to dissolution of carbonate material. 
Shiraki and Dunn (2000) reported experiments simulating CO2 injection into the 
Tensleep Sandstone located in the northern Wyoming, USA. The dolomite- and 
anhydrite-cemented sandstone samples were flushed with carbonated synthetic brine for 
approximately 1 week at reservoir conditions (80 oC and 16.6 MPa). The major mineral 
reactions observed during the flooding included initial dissolution of dolomite and, in a 
later stage, dissolution of K-feldspar initiating kaolinite formation: 
  2 23 322 2H CaMg CO Ca Mg HCO                                         (2.14) 
               dolomite 
 3 8 2 2 2 5 4 442 2 9 2 4H KAlSi O H O Al Si O OH K H SiO               (2.15) 
                               K-feldspar                         kaolinite 
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Depending on the experiments, anhydrite (CaSO4) precipitated or dissolved. All fluid 
solutions were found undersaturated with respect to carbonates. The permeability of the 
cores decreased in the vast majority of the runs despite dissolution of the carbonate 
cement. The reduction of permeability is thought to be due to the growth of kaolinite 
crystals occurring in the pore throats. 
More recent studies were expressly performed for CO2 storage applications (Egermann 
et al., 2005a; Egermann et al., 2006; Grigg and Svec, 2003; Izgec and Demiral, 2005; 
Izgec et al., 2006; Izgec et al., 2005; Izgec et al., 2008; Svec and Grigg, 2001). 
Different from the previous research, which used the injection of a single water phase 
saturated in CO2, these new sets of experiments comprised injection of a CO2-brine two 
phase stream at simulated reservoir temperature and pressure conditions. At this point, it 
is important to highlight that the dissolution potential of a system where a water phase, 
saturated with CO2, is the only mobile phase differs significantly from the system with 
two phases, i.e. a water phase and CO2 phase flowing simultaneously (Egermann et al., 
2005a). In the first case, the reactive brine can have access to all the pore space, 
whereas in the second case, the simultaneous flow of CO2 and brine limits the access of 
the reactive brine to only a fraction of the most accessible pore space. In fact gaseous 
CO2, being no-wetting, cannot access small pores with high capillary pressure threshold. 
Therefore, pore structure modifications resulting from dissolution and/or precipitation, 
and the associated permeability evolutions, occur in a selective way. According to 
Egermann et al. (2005a), studies dealing with the injection of water saturated with CO2 
are investigating only one aspect of the problem. 
Svec and Grigg’s work (Svec and Grigg, 2001) consisted of core flooding experiments 
with co-injected CO2 and brine conducted on limestone and dolomite core plugs at 
reservoir pressure and temperatures. All the floods were conducted at 37.8 ºC and 13.9 
MPa back pressure at the core outlet. Core holder overburden pressure was maintained 
at 27.7 MPa. A simplified diagram of the core flooding apparatus is illustrated in Figure 
2.6.  
Large volumes of brine and supercritical CO2 were supplied from high-pressure floating 
piston accumulators driven by external high-pressure syringe pumps. Their results 
pointed out that the mechanism of dissolution/precipitation is controlling well 
injectivity.  
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Figure 2.6: High pressure core flooding system used by Svec and Grigg (2001). 
Carbonate deposition was indicated by permeability decreases downstream and 
suggested by the depositional structures seen by Back-Scattered Electron (BSE) 
imaging and compositional analysis. The results did not satisfy the authors because the 
compositions of the original rock and apparent deposits were essentially identical and 
distinguishing between them was not possible. In a subsequent study (Grigg and Svec, 
2003), the brine has been modified with components (Mn2+; Mg2+ and Sr2+) that form 
carbonates which were found as trace impurities in limestone. These aided in 
quantifying fluid-mineral interactions by providing a compositional contrast between 
the original rock and any new deposits. 
One of the most complete works about reactive-transport phenomena during CO2 
injection, is probably the one from Egermann et al. (2005a). Experiments consisted of 
the co-injection of CO2 and brine in carbonate cores (limestone). The chosen pressure 
and temperature conditions were such that CO2 was in the supercritical state. Because of 
the corrosive nature of the mixture injected, the end pieces of the core holder and the 
lines were in Hastelloy to assure the integrity of the system over long time. Using 
Hastelloy also enabled the authors to work with high salinity brine, which is very 
common in aquifers or hydrocarbon reservoirs. Results showed that the flow rate and 
the composition of the fluids initially present in the core play a major role on the 
evolution of geochemical reactions leading to various non-uniform dissolution facies 
and in some cases to precipitation and permeability reduction. These phenomena have 
been observed and quantified using various non-destructive techniques: Nuclear 
Magnetic Resonance, (NMR), Computerised Tomography (CT) scanner and chemical 
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analyses of the producing fluids. The common feature in all the tests was the presence 
of strong dissolution at the inlet face. Nevertheless, the shape and the distribution of 
these dissolution patterns appeared to be extremely dependent on the flow rate (Figure 
2.7) but also on brine composition.  
 
Figure 2.7: Dissolution patterns at the inlet face (Egermann et al., 2005a) 
These results are in line with previous work on acidizing studies (Bazin, 2000; Bazin et 
al., 1996). Three dissolution regimes have been identified: 
1. At very low flow rate, the acid is spent locally and the dissolution pattern results 
are compact. 
2. At intermediate flow rate, acid cannot be spent locally and the remaining acidity 
is transported further, producing wormhole patterns. 
3. At high flow rate, the high acid filtration from the wormhole walls makes the 
dissolution pattern extremely ramified. The dissolution pattern in this case is 
called “ramified wormhole”. 
It is interesting to mention that, in the opinion of the authors, high rates tend to limit the 
permeability reduction due to precipitation in the wellbore area. This is because the 
residence of the fluids within the pore space is shorter in this case and it makes the 
system far from being in geochemical equilibrium leading to lower mineral precipitation 
levels. From a practical point of view, this suggests that permeability impairment in the 
near wellbore might be avoided in spite of unfavourable geochemical conditions when 
using an injection rate which is high enough to displace the equilibrium area of 
precipitation far from the well.  
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The relevant dimensionless parameters to be considered for the dissolution and 
precipitation mechanism are the Peclet, Pe, and Damkohler, Da, numbers (Békri et al., 
1995). The Peclet number is defined as the ratio of convection speed over the 
characteristic diffusive velocity, while the Damkohler number is the ratio between the 
characteristic residence time or fluid motion time scale and the characteristic reaction 
time. 
A large Damkohler number (Da>>1) corresponds to very fast chemical reaction 
compared to all other processes. On the other hand, small Damkohler number (Da<<1) 
corresponds to very slow reaction compared to all other processes. At high Pe and PeDa 
product, wormholes are produced and permeability increases significantly due to 
dissolution. At low Pe and high PeDa numbers, reactions mainly take place at the inlet 
boundary, resulting in a slowest increase of the permeability in the dissolution process. 
At moderate Pe and PeDa numbers, reactions are generally found to be non-uniform, 
with more dissolution and precipitation in the upstream and less in the downstream. At 
very small PeDa number, dissolution and precipitation appear highly uniform in space. 
The dissolution regime can be mapped as a function of the two dimensionless numbers 
in a Pe/PeDa plot (Figure 2.8). 
  
Figure 2.8:  Dissolution regime as a function of the Peclet and the Damkohler numbers 
(modified from: Egermann et al., 2005b) 
Assuming first order reactions, the Pe and Da numbers can be calculated using the 
following expressions (Izgec et al., 2008): 
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D
dv
Pe 0         (2.16) 
0
(1 )
a
LD
v
       (2.17) 
where: 
v0 = characteristic velocity taken here as the mean interstitial velocity, m s-1. 
d, L = characteristic dimensions, m. 
D = solute diffusivity, m2 s-1. 
α = surface area - volume ratio of the mineral, m-1. 
κ = kinetic rate constant, mol m-2 s-1. 
In Pe, the appropriate characteristic dimension is a pore size (e.g., diameter d) because 
pores are the conduits carrying flow in porous media. On the other hand in Da, the 
appropriate characteristic dimension is core length L because reaction occurs along its 
entire length (Izgec et al., 2008).  
As can be seen from the above discussion, the porosity and permeability modifications 
as a result of CO2 injection strongly depend on several parameters including the flow 
regime, distribution and type of the rock minerals and temperature conditions. In the 
close proximity of the wellbore, wormhole dissolution occurs due to the non 
equilibrium of the geochemical reactions. In most laboratory cases, this dissolution 
regime is observed. In the far field region instead, a homogeneous change of the pore 
space is expected because in this case the dissolution regime is uniform.  
Experimental studies aiming at working in the uniform dissolution region have been 
carried out in relation to the phenomena occurring in the far field (Egermann et al., 
2005b; Egermann et al., 2006). In these studies, dedicated experimental procedures 
were developed to alter the rock samples uniformly. In the first of the cited studies 
(Egermann et al., 2005b), this was done by placing a static reactive solution quasi-
instantaneously in the pore space, which corresponds to Pe roughly equal to zero. In a 
subsequent work (Egermann et al., 2006), uniform dissolution was achieved by 
injecting a retarded acid solution, which is activated only when in place under specific 
temperature conditions. 
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These experimental set ups allow to simulate the flow regime occurring far from the 
wellbore, however reactions in the far field regions might be different from those 
detected in these experiments because the latter do not consider the fact that fluid in the 
far field regions has been previously in contact with part of the reservoir and could be 
saturated with respect to some minerals. 
Other studies (Izgec and Demiral, 2005; Izgec et al., 2006; Izgec et al., 2005; Izgec et 
al., 2008) presented the results of CT monitored laboratory flooding experiments to 
characterise relevant chemical reactions associated with injection and storage of CO2 in 
carbonate formations. Figure 2.9 shows a scheme of the apparatus used in these 
experiments. 
 
Figure 2.9:  Experimental apparatus used in CT monitored laboratory experiments (from: 
Izgec et al., 2008) 
Porosity changes along the core plugs and the corresponding permeability modifications 
were reported for different CO2 gas injection rates and temperature with different salt 
concentrations. The authors observed that the trend of change in rock properties is very 
much case dependent because it is related to the distribution of pores, brine composition 
and thermodynamic conditions. As the salt concentration increases from 0 to 10 % by 
weight, less dissolution was observed. This is because when salinity increases, CO2 
solubility decreases and the strength of the acid decreases as well. Differing from 
Egermann et al. (2005a), in these experiments injection rate of the brine was shown to 
have a small effect on changes in the petrophysical properties as the injection rate was 
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increased from 3 to 60 cm3/min. However, the authors reached similar conclusion: the 
lower the flow rate, the higher the rate of precipitation and the chance of the particles to 
block the pore throats. This is due to the fact that slow rates favour the completion of 
the chemical reactions leading to more precipitation. Some experiments were carried out 
varying the temperature from 18 oC to 50 oC in order to test the effect of temperature on 
modification of the petrophysical properties. Results gave similar permeability and 
porosity alteration trends for the temperature range studied. However, temperature is 
expected to be an important factor in relation to CO2 storage. It is known, indeed, that 
the solubility of CO2 in water decreases with increasing temperature. Then, an increase 
in the temperature of the aquifer would lead to a decrease in the acidity of the aquifer by 
dissolving less amount of CO2. Note that the solubility of calcite decreases with 
increasing in temperature over the range of temperature of interest in geological storage 
(Plummer and Busenberg, 1982). 
Wigand et al. (2008) reported experimental results of a supercritical CO2 flooding tests 
at 60 oC and 15.0 MPa, on a sandstone sample from the Bunter Sandstone Formation 
saturated with 1 M NaCl solution. The core was flooded with 4,658 pore volumes of 
fluid (supercritical CO2 and brine) in an almost closed loop. The injection of 
supercritical CO2 resulted in a limited reactivity with the sandstone minerals. Main 
reactions included a decrease of pH and, similarly to Shiraki and Dunn (2000), early 
dissolution of dolomite and, in the later stage of the experiment, dissolution of 
aluminosilicates such as K-feldspar and albite. These findings were supported by fluid 
analysis results, which showed an increase of the concentration of most of the elements 
(e.g. Ca, Mg, Fe, Mn, Sr, Ba, Pb) of the sandstone, and by scanning electron 
microscopy.  
Recently, in addition to laboratory experiments, a number of demonstration and pilot 
projects have been aiming to evaluate the fate of the injected CO2 and the rock-fluid 
reactions taking place over time.  Emberley et al. (2004; 2005) and Raistrick et al. 
(2006) reported pre- and post-injection fluid compositions from the Weyburn CO2 
injection enhanced oil recovery site (5,000 tonnes/day of CO2 injected), Saskatchewan, 
Canada. Injection of CO2 has lowered the pH resulting in dissolution of carbonate 
minerals and production of bicarbonate as described in reactions (2.5) – (2.8). The 
authors also collected evidence that the CO2-charged fluid reacted with the silicate 
minerals present in the Weyburn formation such as feldspar and clays. These 
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geochemical reactions would influence the water composition and buffering the pH of 
the solution, resulting in further production of bicarbonate which may lead to 
precipitation of injected CO2 as carbonate minerals over longer time periods, probably 
thousands of years. 
Kharaka at al. (2006a; 2006b) and Hovorka et al. (2006) discussed the results from fluid 
sample analysis conducted pre- and post-injection of 1,600 tonnes of CO2 into a 24 m 
sandstone zone of the Oligocene Frio Formation, Texas, USA. Major chemical changes 
were observed when the injected CO2 reached the observation well, including sharp 
drops in pH (from 6.5 to 5.7), significant increases in alkalinity (from 100 to 3,000 g/l 
as bicarbonate), and Fe (from 30 to 1,100 g/l). The large increases observed in alkalinity 
were likely caused by carbonate dissolution, whereas the increase in Fe concentration 
was considered the result of dissolution of iron oxyhydroxides, depicted in reaction 
(2.18) where acetic acid is the reductant:  
    0 23 3 238 14 8 2 20Fe OH s CH COOH H Fe HCO H O          (2.18) 
A similar reaction is predicted for Mn, which also increased from 3 to 18 g/l. The 
authors also reported increases in the concentrations of Zn, Pb and Mo, which are 
generally associated with iron oxyhydroxides. Geochemical modelling indicated that pH 
would have dropped at a value of around 3 but for the buffering effect due to dissolution 
of carbonates and iron oxyhydroxides. Post-injection measurements revealed that brine 
pH gradually increased, probably from further dissolution of carbonate and iron 
oxyhydroxide minerals, as well as from dissolution of oligoclase and other 
aluminosilicate minerals present in the Frio Formation. 
Mito et al. (2008) reported results from chemical analysis from the Japan’s first pilot-
scale CO2 storage project performed in the porous sandstone bed of the Pleistocene 
Haizume Formation at Nagaoka. Post-CO2 injection analysis indicated a large increment 
of HCO3- mainly due to dissolution of CO2 into the brine and partly to alteration of 
calcite. Increment of concentrations of Ca, Mg, Fe, Mn and Si were also recorded. The 
authors identified plagioclase (especially anorthite component), chlorite and carbonate 
as the sources of these elements in the samples analysed. The following reactions 
illustrate dissolution of plagioclase and chlorite occurring at Nagaoka in the early stage 
of the injection: 
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 
2
2
4 4 3 43
2 3
2 2
Plagioclase H H O
Ca Al OH H SiO NaAlSi O


 
                                          (2.19) 
  2 2 4 4320 5 5 4 6Chlorite H Mg Fe Al OH H SiO                     (2.20) 
At the late stage of the CO2 storage, the authors forecasted precipitation of Ca, Mg and 
Fe in carbonate minerals. 
As illustrated above, a large number of flow-through experiments as well as field in situ 
CO2 experiments have been performed to study the impact of CO2 injection on the 
petrophysical properties of rocks. In most of them, the geochemical reactions observed 
following CO2 injection include a decrease of pH, increment in alkalinity of the brine 
and dissolution of carbonate material. In case of sandstones, the previous studies 
reported dissolution of silicate minerals which had the effect of buffering the pH and 
therefore allow a larger dissolution trapping of CO2 into the brine. For this reason, CO2 
injection into siliciclastic rock types (e.g. sandstone) may be preferable to that in 
carbonate rock type rocks (e.g. chalk). 
The duration of the outlined experiments was generally suitable to address only the 
short- to medium-term effects of rock-fluid interactions. Reactive transport modelling 
studying long term effects of CO2 into deep aquifers showed that a significant part of 
the injected CO2 may be stored by precipitation of secondary carbonates in 10,000 years 
(Xu et al., 2003). The amount of CO2 trapped by mineral trapping depends on several 
factors, including rock type of the reservoir. Previous studies (Gunter et al., 1993; 1997; 
Perkins and Gunter, 1995) indicate that mineral trapping can be larger in siliciclastic 
rocks than in carbonate rocks types. Examples of reactions that could immobilise CO2 
can involve feldspar and other silicate minerals (Gunter et al., 1997; Johnson et al., 
2001): 
 2 2 8 2( ) 2 3 2 2 5 42aqCaAl Si O CO H O CaCO Al Si O OH                      (2.21)   
  anorthite                                     calcite      kaolinite                                          
 3 8 2( ) 2 3 22 3aqKAlSi O Na CO H O NaAlCO OH SiO K           (2.22) 
                     K-feldspar                                           dawsonite 
3 8 2( ) 27 6 6aqNaAlSi O CO H O    
    albite                                                                                                    (2.23) 
3 26 10 6Na smectite HCO SiO Na
       
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The previous research work outlined above demonstrated that predicting the 
geochemical reactions and the consequent alterations in the petrophysical properties of 
the rocks occurring during CO2 injection is extremely complex because many different 
factors play a role, including the rock fabric, the brine composition, the hydrodynamic 
regime, and the thermodynamic conditions. The net effect of these factors appears to be 
reservoir specific and, within a certain reservoir, it could be site specific, depending on 
the heterogeneity of the reservoir’s properties. For example, as CO2 proceeds further 
into the reservoir, reactions may change as it may contact different rock types in its 
path. The reactions that take place will then vary with location and/or time because of 
the constraints of chemical equilibrium and reaction kinetics. Therefore, it is considered 
of major importance to consider representative conditions (fluids, rock and 
pressure/temperature) in order to derive relevant recommendations for the field (Cailly 
et al., 2005).  
Svec and Grigg (2001) questioned the applicability of the results of laboratory 
experiments to CO2 flooding field projects. According to these authors, since the cores 
used were rarely longer than 300 mm, they only represent the area of the reservoir very 
close to the wellbore where dissolution of carbonate or other soluble minerals is 
expected to occur. When the fluid advances into the reservoir, the solubility of 
carbonates decreases as the pressure rapidly drops (Ross et al., 1982). If the fluid is at or 
near saturation then precipitation of solid particles occurs (Sayegh et al., 1990). 
Therefore, as Izgec et al. (2005) suggested, permeability might increase close to the 
wellbore and then progressively decline along the flow direction. If this occurs close 
enough to the wellbore the reduction in porosity and permeability may significantly 
decrease the wellbore injectivity. In order to better evaluate the precipitation 
phenomena, Svec and Grigg (2001) suggested to use long cores or composite cores of 
several shorter segments in a series arrangement. In fact, by increasing the residence 
time and core mass exposed to carbonated fluids, the chance of reaching saturation and 
inducing precipitation of carbonates grows as well.  
Besides the pressure drop, changes in temperature due to non-isothermal processes 
might also have a significant impact on the dissolution and precipitation mechanisms. 
Significant temperature gradients can occur in the proximity of the wellbore when CO2 
is injected at a temperature significantly different from that of the reservoir (Hovorka et 
al., 2003) or as a consequence of non-isothermal processes. A recent study 
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demonstrated that the temperature around the wellbore can drop by more than 20oC 
through Joule-Thomson cooling effect (Oldenburg, 2007). Surprisingly, little attention 
has been paid to the influence of changes in temperature on these mechanisms to date. 
As described in some detail in this section, reactive transport phenomena during CO2 
injection have been experimentally studied both on sandstones and carbonates, however 
these are still limited and more research is needed. With regard to geochemical 
reactions, and in order to carry out an effective study of the permeability changes in the 
near and far field of a wellbore, it is necessary to use core samples or methods that can 
investigate the dissolution/precipitation mechanisms up to a distance from the wellbore 
in which changes in permeability still have a direct impact on injectivity. The extent of 
this distance is not clearly known. 
2.2.2 Carbon Dioxide Injectivity Losses due to Halite Precipitation 
In addition to all the phenomena discussed above, precipitation of salts, mainly 
consisting of halite (NaCl), due to water vapourisation is another possible source of 
injectivity impairment around injection wells, where dry CO2 will be injected in saline 
aquifers (Carpita et al., 2006). In fact, the injected CO2 is very likely to be dry in order 
to reduce its corrosive action towards tubing, pumps and other infrastructures (Kermani 
and Smith, 1997). This measure also minimise the risk of CO2 hydrates forming within 
pipework in colder environments (Rochelle et al., 2004). The injection of dry 
supercritical CO2 may vapourise the formation brine promoting NaCl concentration and 
the precipitation of halite. This can lead to reductions in porosity and impairments in 
permeability of the reservoir in the vicinity of the wellbore, which can significantly 
affect the wellbore injectivity. 
For more than 20 years, water vapourisation has been reported as the main reason of 
permeability impairments around several gas producing wells; especially in high 
pressure, high temperature reservoirs which are characterised by very high salinity 
brines (Graham et al., 1997; Jasinski et al., 1997; Kleinitz et al., 2001; Morin and 
Montel, 1995; Place and Smith, 1984). A similar problem is documented for the 
injection of dry natural gas in saline aquifers during gas storage operations (Carpita et 
al., 2006). 
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2.2.2.1 Numerical Modelling of Halite Scaling 
With regard to CO2 storage, numerical modelling has recently highlighted the potential 
of significant well injectivity losses due to halite precipitation in saline formations 
(Carpita et al., 2006; Giorgis et al., 2007; Giorgis et al., 2006; Hurter et al., 2007a; 
Hurter et al., 2007b; Muller et al., 2009).  
Carpita et al. (2006) performed numerical simulations to investigate the possible effects 
of halite precipitation on well injectivity for a CO2 injection project in a depleted gas 
reservoir. Both 1-D and 2-D radial grids were used. Different behaviours were observed 
depending mainly on the initial liquid saturation: when the brine has a low mobility, the 
evaporation front moves with limited halite scaling and only slight effects on well 
injectivity. On the other hand, when the brine has sufficient mobility, the precipitation 
front is continuously recharged by the brine flowing to the well, due to the capillary 
pressure gradient driven by the evaporation. In this case the concentrated precipitation 
can significantly decrease the formation permeability. The study suggests that a high 
CO2 injection rate would limit the effect of the capillary pressure gradient and permit 
the injection process to continue with contained effects on injectivity, even though 
important halite precipitation phenomena are present. The critical injection rate required 
to avoid complete clogging depends on several factors including the formation’s 
characteristics, initial reservoir thermodynamic conditions, initial brine saturation, and 
salinity. 
In a similar study, Pruess and Muller (2009) conducted a sensitivity study on 
precipitation of halite from CO2 injection in saline formations. The effects of different 
injection rates, absolute permeability, capillary pressure, aqueous diffusion, salinity of 
the brine and gravity override was explored through several test calculations. Absolute 
permeability does not influence saturation profile for gas and solid precipitate as long as 
a great permeability reduction does not produce an extreme high pressurisation that lead 
to an alteration of the fluid properties. Similarly, aqueous diffusion has negligible 
effects on solid precipitation of salt. A variation in brine salinity leads to a change in 
solid saturation of approximately the same factor. Capillary pressure increases the 
precipitation of solid. In fact, capillary pressure provides a driving force which draws 
brine backward toward regions with higher gas saturations, such as near the dry-out 
front where capillary pressure gradients become larger. The brine driven by the 
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capillary forces in the direction of the injection well contains additional solute which 
can precipitate following the dry-out effect. Increments of the irreducible water 
saturation reduce the amount of brine that can be moved by immiscible displacement, 
and increase the portion of water that vapourise in the CO2 stream giving rise to solid 
precipitation. 2-D simulations of CO2 injection showed that gravity override becomes 
stronger when the injection rates are reduced. In case of low injection rates, gravity and 
capillary effects significantly limit the advancement of the CO2 displacement front, 
producing an almost stationary dry-out front with large localised halite precipitation. 
The authors also considered the possibility of a brief pre-flush of fresh water to displace 
possible salt precipitation away from the injection well. Their results suggest that the 
strongest impact of precipitation on injectivity is confined into a region of few meters 
around the wellbore, and with a pre-flush of only few hours is possible to achieve an 
unexpectedly large and long-term benefit. 
Nowadays, there are several codes available to couple chemistry with transport which 
permit to evaluate the dry-out process occurring during CO2 injection and precisely 
estimate changes in the pore space due to salt precipitation (Hurter et al., 2007a; Ozah 
et al., 2005; Pruess et al., 2003). However, all codes have one limitation in common: 
they cannot accurately predict the impact of halite precipitation on field operations as 
there is no accurate relationship between porosity changes and the resulting change in 
permeability to describe this process (Hurter et al., 2007a).  
2.2.2.2 Laboratory Experiments on Halite Scaling 
Most of the permeability models available in the literature (Bernabe, 2003; Civan, 2001; 
Nelson, 1994; Saripalli et al., 2001; Vaughan, 1989; Verma and Pruess, 1988; Weir and 
White, 1996; Xu, 2008; Xu and Pruess, 2004) are not directly applicable to the 
vapourisation process. In fact, depending on the mechanism responsible for the porosity 
change, the impact on permeability may be substantially different. For example, 
porosity reduction under stress, which primarily affect the wider portion of the pores 
(pore bodies) (Pyrack-Nolte et al., 1987), will likely produce less permeability 
impairment than a comparable alteration in porosity due to mineral precipitation, which 
may strongly affect the narrower portion of the pores (pore throats) (Verma and Pruess, 
1988). Moreover, precipitation of different minerals may affect permeability in different 
ways. In fact, some minerals seem to preferentially grow in pore throats (clays), while 
others are commonly found in large pores (calcite) (Hurter et al., 2007a). Thus, given an 
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equal change in the pore space, the corresponding change in permeability may be 
significantly different.  
Therefore, in order to obtain meaningful results from numerical simulations, laboratory 
precipitation experiments on cores must be carried out to establish a relationship 
between porosity changes and resulting permeability variations representing the effect 
of salt precipitation due to vapourisation (Hurter et al., 2007b). In fact, only a small 
number of experiments have been carried out to study the precipitation of halite during 
gas injection (André et al., 2010; Ott et al., 2010; Peysson et al., 2010; Wang et al., 
2009; Zuluaga and Monsalve, 2003; Zuluaga et al., 2001). 
The works from Zuluaga et al. (2001) and Zuluaga and Monsalve (2003) were 
conducted to evaluate the rate of water vapourisation and the consequent permeability 
reduction caused by the flow of dry gas through porous media. Figure 2.10 shows the 
schematic of the experimental apparatus used by Zuluaga et al. (2001).  
 
Figure 2.10: Schematic of the experimental apparatus employed by Zuluaga et al. (2001) 
Injection of methane was conducted into unconsolidated Ottawa sandpacks and 
consolidated Berea sandstone cores saturated with various salinity brines ranging from 0 
to 150 g/l of NaCl under different pressure/temperature conditions and injection rates. 
The tests report that an increase in temperature and flow rate as well as a decrease in 
pressure gives rise to the speed of the vapourisation process. However, no relationships 
were suggested between the observed reduction in permeability and the 
pressure/temperature conditions and flow rates at which the experiments were 
performed. The reduction in permeability for the different sets of experiments ranged 
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from 0% for sandpacks saturated with brine with the lowest salinity to 53% for 
consolidated cores saturated with brine with the highest salinity. These laboratory 
studies confirmed the possibility of reduction in permeability due to water 
vapourisation. However, the results cannot be directly applied to CO2 injection 
scenarios. In fact, the vapourisation process induced by CO2 may differ from when it is 
due to methane because of the difference in properties between the two gases, such as 
density, viscosity, heat capacity, interfacial tension and reactivity among others, which 
may have a significant importance in this phenomenon.  
The tests conducted by Wang et al. (2009) consisted of a supercritical CO2 core 
flooding experiment on 25% NaCl brine saturated sandstone cores. A simplified 
diagram of the core flooding apparatus is illustrated in Figure 2.11. 
 
Figure 2.11:  Experimental apparatus used by Wang et al. (2009) for SC CO2 core flood 
experiments 
The Berea core was flooded with CO2 at the temperature/pressure conditions of 50 oC 
and 8.2 MPa at a rate of approximately 9.5 cm3/min.  About 331 PV were injected 
continuously until no more liquid brine was produced. Precipitation of halite crystals 
inside the core were observed along the flow direction from environmental scanning 
electron microscope (ESEM) images taken over different regions. The halite crystals 
were found with different morphologies, including rafts of platy crystals over the quartz 
grains and the pore throats, and hopper crystals (Figure 2.12). Hopper crystals, i.e. 
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hollow stepped crystals, indicate fast crystallisation promoted by a rapid increase in 
super saturation. Their presence, therefore, suggests that halite scaling happened rapidly 
following injection of supercritical CO2. 
 
Figure 2.12:  ESEM image on a SCCO2 flooded Berea core; hopper crystals are highlighted by 
white dashed circles (Wang et al., 2009). 
Gas effective permeability measured at the remaining water saturation was found to be 
approximately half of the expected value at similar water saturation for a core without 
CO2 exposure. Since the permeability tests were executed with residual water in the 
sample, the results may account indistinguishably for relative permeability as well as for 
precipitation of salt. No information was provided regarding porosity reduction. Results 
from a similar test were used to calibrate the parameters for the permeability reduction 
model used in the numerical simulations of CO2 injection reported by Muller et al. 
(2009). Since the calibration of the permeability model was done using the results of a 
single test without considering the actual reduction in porosity, the final results might 
not be representative of the impact produced by halite scaling in the field. More tests 
reporting permeability and porosity reductions for different levels of alteration would be 
required in order to build a valid permeability model for the vapourisation process. 
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Ott et al. (2010) performed supercritical CO2 core flood experiments at 45 oC and 10.0 
MPa on a brine saturated siliciclastic Berea sandstone with 500 mD permeability and 
22% porosity. The brine used to saturate the cores was 20 wt% NaCl and 2 wt% CsCl. 
The CsCl was added as to facilitate the micro computed tomography (µCT) scanning, 
which was performed throughout the flooding experiment to observe and quantify the 
changes in fluid saturation and patterns of precipitated salt along, as well as cross 
sectional, the fluid direction. The authors determined a mean value of solid salt 
saturation of 4.6 % corresponding to evaporation of 42 % of the total water. This was 
found consistent with the observation that about half of the brine remained as 
irreducible saturation inside the core. Locally, solid saturation was found as high as 
20%, i.e. the locally precipitated amount of salt was significantly higher than the mass 
of solute initially present in the same volume in the brine. This, as illustrated in the 
numerical studies reported above, can be explained by a capillary driven backflow. Due 
to the local porosity reduction, absolute permeability, as measured by dry-CO2 flooding 
before and after the test, reduced by a factor of 4. However, the effective permeability 
of the CO2 rich phase increased by a factor of 5 from the point of breakthrough to total 
dry-out of the sample, meaning that in the case reported relative permeability played a 
major role compared to halite scaling. 
2.2.3 Other Causes of Permeability Impairment  
In the previous paragraphs, mechanisms inducing impairments of injectivity following 
CO2 injection were highlighted. These include physical and chemical processes such as 
scale precipitation, multiphase flows, fines migration and asphaltene deposition. 
Another possible source of injectivity impairment recently reported in the literature is 
microbial activity. The presence of bacteria in underground formations is widely 
accepted, and has been identified in many reservoirs worldwide (Morozova et al., 2010; 
Tyrie and Ljosland, 1993). These bacteria can be originally present in the reservoir but 
they can also be introduced as a result of drilling operations and/or water injection 
(McGovern-Traa et al., 1997). Both the native microbial population and the introduced 
bacteria were found to be responsible of formation damage in oil fields through 
production of bacterial biofilm or secondary products of their metabolism (Cord-
Ruwisch et al., 1987; Cusack et al., 1987; Kalish et al., 1964). For example, sulphate-
reducing bacteria can produce iron sulphate (FeS) in the reaction of dissolved ferrous 
ions and hydrogen sulphide (H2S) occurring during their metabolism (Wood and Spark, 
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2000). Temperature is one of the main parameters controlling the growth of bacteria and 
their by-products (Wood and Spark, 2000). Wood and Spark (2000) tested the impact of 
microbial activity at three different temperatures corresponding to 30, 60 and 90 oC. 
Results showed that the greater risk of microbial formation damage would occur in 
reservoirs of around 30 oC.  
Production of FeS by sulphide-reducing bacteria has been found the reason for the 
injectivity decline in the CO2 storage project in the saline aquifer of the Triassic 
Stuttgard formation located near Ketzin, West of Berlin, Germany (Zettlitzer et al., 
2010). This is at a depth of 600 – 800 m, and temperature and pressure of the formation 
are approximately 35 oC and 6.2 MPa. Evidence was collected to assert that the 
microbial community was strongly influenced by CO2 injection (Morozova et al., 2010). 
In fact, bacterial population and activity is particularly sensitive to pH value, pressure, 
temperature, salinity and other abiotic factors, which can be modified by CO2 injection. 
2.3 Conclusions 
Previous research outlined above demonstrate that CO2 injectivity in reservoirs is a very 
complex phenomenon as it is related to several parameters including the geochemical 
and petrophysical characteristics of the host rocks, the composition of the formation 
water, the thermodynamic conditions, and the flow rate. The actual mechanisms that 
affect injectivity are still debated. 
With regard to geochemical interactions, a number of core flooding experiments in 
sandstone and carbonate rocks have been reported in the literature. These tests most 
closely simulate only what happens near the wellbore region, not representing 
mechanisms, which might still have an important impact, occurring in the far field.  
In this work, the impact on injectivity of permeability modifications occurring at 
various distances from the injection point is studied through numerical methods and 
reported in Chapter 3. More insight is given to the phenomena in the far field in Chapter 
4 where it is studied the effect of pressure and temperature changes that the fluid is 
subjected to as it advances from the wellbore. 
Precipitation of salts, mainly halite (NaCl), due to water vapourisation can represent a 
serious source of injectivity impairment. At the moment, there are a number of 
numerical simulators able to assess the dry-out process and estimate changes in porosity 
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due to salt precipitation. However, these codes cannot accurately predict the impact of 
halite precipitation on field operations as the relationship between changes in porosity 
and the resulting change in permeability has not yet been defined accurately. In fact, 
only a small number of experiments have so far been performed to investigate the halite 
scaling process. 
Novel laboratory experiments have been conducted in this PhD to establish a 
relationship between porosity changes and resulting permeability variations due to salt 
deposition. Results of these experiments are presented in Chapter 5. The permeability 
reduction model built with the experimental data has been used in the numerical 
simulations presented in Chapter 6. 
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Chapter 3 Numerical Investigation into the Near 
Wellbore and Far Field Injectivity 
3.1. Introduction 
The injectivity study presented here was performed using TOUGH2 (Pruess, 1991; 
Pruess et al., 1999), a general-purpose numerical simulator used for multi-dimensional 
fluid and heat flow modelling of multiphase, multi-component fluid mixtures in porous 
and fractured media. Fluid advection is calculated using a multiphase extension of 
Darcy’s law; in addition, diffusive mass transport is considered in all phases. Heat flow 
occurs by both conduction and convection. The latter includes sensible as well as latent 
heat effects. Thermodynamic conditions are described assuming local equilibrium of all 
phases. For space discretisation the integral finite difference method is used 
(Narasimhan and Witherspoon, 1976), while time is discretised fully implicitly as a 
first-order backward finite difference. The system of flow equations is solved on a grid 
block basis by Newton-Raphson iteration, similar to Parkhurst et al. (1999). The 
mathematical model used in TOUGH2 is illustrated in Appendix A. 
In the present research the simulator was used to model injection of CO2 into a saline 
formation. The fluids were represented by two phases: a CO2-rich phase referred to as 
“gas”, and a water-rich phase referred to as “liquid”. In addition, solid salt is also 
present. The only chemical reactions modelled include equilibrium phase partitioning of 
water and carbon dioxide between the liquid and gaseous phases, and precipitation and 
dissolution of salt. Variations in the mineral volume fraction due to 
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precipitation/dissolution of salt allow the resulting porosity to be computed. Mechanical 
effects are neglected. 
A number of simulations were run using the ECO2N module. Partitioning of H2O and 
CO2 between the liquid and gas phases is modelled as a function of temperature, 
pressure and salinity, using the correlations recently developed by Spycher et al. (2003), 
which reproduces a vigorous drying process, growth of a dry-out area around the 
injection well, and salt precipitation (Pruess, 2005). Thermodynamic conditions covered 
by this module range from ambient temperature to approximately 100 oC, pressure up to 
60 MPa, and salinity from zero to fully saturated.  
The impact of permeability alteration occurring at various distances from the injection 
point is assessed by opportunely varying the values of permeability in certain grid 
blocks and evaluating the change in global injectivity.  
3.2. Model Description 
Injection well flow rate and pressure behaviour is a problem of fundamental importance 
in the management of aquifer CO2 storage systems. Numerous effects come into play, 
including aquifer heterogeneity on different scales, gravity and partial penetration. In 
the vicinity of the injection point, where pressure gradients and mass fluxes are large, 
the pressure behaviour of the well may also depend on non-isothermal (Joule-Thomson 
effect) and inertial processes (Fleming et al., 1992). Here, the model is represented as an 
idealised CO2 injection well problem which assumes the geological formation to be 
infinite-acting, homogeneous and isotropic. This simplification also neglects inertial, 
gravitational, and non-isothermal effects and assumes 1-D radial flow geometry (line 
source). In addition, pure supercritical CO2 is assumed to be injected at a constant rate. 
Other authors have made similar approximations in previous studies (Pruess and García, 
2002; Pruess et al., 2001; Xu et al., 2003). In the vicinity of the wellbore, where 
injectivity is mostly influenced by changes in the rock transport properties, viscous 
forces dominate gravitational forces and flow may reasonably be approximated as one-
dimensional (Zeidouni et al., 2009). 
Since no rock-fluid interactions are involved in the simulations, this model can be 
applied to reservoirs of any mineralogy. However, as stated earlier, the assumption of 
homogeneity is a major simplification, heterogeneities such as fractures, can play an 
important role in the results. 
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The field is modelled as a circular region, at the centre of which CO2 injection is 
performed at a uniform and constant rate of 100 kg/s for 20 years. This injection rate is 
approximately equivalent to the CO2 emission rate of a 300MW coal-fired power plant 
(Hitchon, 1996). The system consists in only one layer (no gravitational effects) with a 
thickness of 100 m and the numerical grid is extended to a large distance of 50,000 m. 
The grid is composed of 151 co-centred cell elements. The radius of the first cell 
containing the injection well is 0.3 m. Away from the injection well, from 0.3 to 5.3 m, 
the radius of the first 10 cells increases by  0.5 m; from 10.3 to 100.3 m from the centre, 
the next 100 cells have a constant radius increase of 1 m. Finally, from 100.3 m to 50 
km, the radius of the last 40 cells follows a logarithmic progression (Figure 3.1). 
 
Figure 3.1: Wellbore and far field model domain. 
Model properties were chosen to be representative of conditions which might occur in 
saline aquifers at a depth of approximately 800-1000 m (Table 3.1). The initial pressure 
and temperature conditions of the aquifer are 12 MPa and 45 oC respectively, and it is 
assumed that the aquifer has a salinity of 6-wt% dissolved NaCl. Porosity is assumed to 
be constant and equal to 0.3 in the entire reservoir. Different scenarios have been 
simulated corresponding to reservoirs with permeabilities ranging from 50 mD to 1 D. 
Similar to previous studies by other researchers (André et al., 2007; Pruess and García, 
2002; Pruess et al., 2002; Pruess et al., 2001), van Genuchten models (van Genuchten, 
1980) were employed to compute relative permeability and capillary pressure (Figure 
3.2). 
Zone AZone BZone C Injection well element
5.3 m100.3 m50 km
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Table 3.1: Physical properties of the aquifer used in the numerical model. 
Aquifer thickness 100 m 
Permeability  50 x 10-15 – 1,000 x 10-15 m² 
Porosity 0.30 
Pore compressibility 4.5 x 10-10 Pa-1  
Rock grain density 2,600 kg m-3 
Temperature 45 oC 
Pressure 12MPa 
Salinity 6-wt% 
Injection rate 100 kg s-1 
Relative permeability model and capillary pressure models 
Liquid (van Genuchten, 1980)  
  21/* *1 1rlk S S              * / 1l lr lrS S S S    
Residual liquid saturation Slr= 0.30 
Exponent λ= 0.457 
Gas (van Genuchten, 1980)  
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Figure 3.2: Relative permeability and capillary pressure curves used in numerical simulations. 
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The irreducible water saturation in the capillary pressure function was set to zero, 
differing from the corresponding parameter in the liquid relative permeability model, in 
order to avoid infinite capillary pressure as the liquid phase becomes immobile (Pruess, 
1997). Permeability values assigned are kept constant during the simulation period. 
The accuracy of the numerical model can be tested by plotting the results as a function 
of the similarity variable R2/t (Figures 3.3 and 3.4). Figure 3.3 shows the results for gas 
saturation as a function of the similarity variable for the scenario corresponding to a 
reservoir permeability of 100 mD (10-13 m2). Data were plotted from the gas saturation 
profile obtained at a simulation time of t = 3.15x107 s (1 year), and from the time series 
data at a radial distance R of 6.8, 10.8 and 24.8 m. The agreement between the profile 
data (shown as a thick solid line) and the time series data (points) appears to be highly 
satisfying. Analysing the graph, it is possible to distinguish three distinct regions. The 
first region with R2/t <1.3 x 10-7 m2/s is a zone where complete dry-out of the aqueous 
phase has occurred. Gas saturation in this region is not 100% but slightly less due to the 
presence of solid precipitate (Figure 3.5). An intermediate zone where liquid and gas 
phases coexist follows the dry-out zone. This second region extends to R2/t ≈ 4.5x10-3 
m2/s. Finally, in the outer region a single liquid phase prevails. 
 
Figure 3.3:  Simulated gas saturation as a function of the similarity variable for a 100 mD 
permeability reservoir. The solid line represents a spatial profile at a simulation 
time of 1 year, while the triangle, diamond and square points represent a time series 
of data at a radial distance of 6.8, 10.8 and 24.8 m respectively. 
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Figure 3.4: Simulated pressure as a function of the similarity variable for a 100 mD 
permeability reservoir. The solid line represents a spatial profile at a simulation 
time of 1 year, while the triangle, diamond and square points represent a time series 
of data at a radial distance of 6.8, 10.8 and 24.8 m respectively. 
Figure 3.4 presents simulated results for pressure as a function of the similarity variable. 
The time series data differ slightly from the spatial profile, showing cyclic variations of 
pressure for R2/t < 4.4x10-3 m2/s. This behaviour, already documented by Pruess and 
Garcia (2002), is a result of discretisation artefacts and does not signify a physical 
phenomenon. Pruess and Garcia (2002) explain such behaviour as follows. When the 
CO2 phase front enters a grid block, a transition to two-phase conditions occurs and, as 
liquid saturation declines, liquid relative permeability is rapidly reduced. Gas-phase 
relative permeability remains zero until the irreducible gas saturation of 5% is exceeded, 
and only subsequently it starts to increase with increasing gas saturation. Therefore, the 
total kinematic mobility of the fluid, krl/μl+krg/μg, decreases for a short time after a grid 
block makes a transition to two-phase conditions. As larger gas saturations are reached, 
kinematic mobility will increase again, because the rise in krg/μg will overcome the 
decrease in krl/μl. Therefore, pressures behind the phase front will rise when the total 
kinematic mobility at the phase front decreases, and drop when fluid mobility increases. 
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Figure 3.5:  Simulated solid saturation as a function of the similarity variable for a 100 mD 
permeability reservoir. Data are plotted from the solid salt saturation profile 
obtained at a simulation time of t = 3.1536x107 s (1 year). 
3.3. Results and Discussion 
Injectivity I (kg s-1 Pa-1) is evaluated using the ratio of the mass flow rate Qm (kg s-1), 
which is constant and equal to 100 kg/s throughout the simulation period, and the 
difference between the well bottomhole pressure Pbh and the reservoir pressure in the far 
field Pres = 12MPa.  
/ ( )m bh resI Q P P       (3.1) 
The bottomhole pressure is the only parameter which changes in the equation. This 
corresponds to the pressure in the first grid block, which indeed represents the wellbore.  
The impact on well injectivity of changes in reservoir permeability as the CO2 front 
moves away from the wellbore was investigated by using a low permeability circular 
crown with a fixed width of 1 m around the well. This was achieved by lowering the 
value of permeability manually for the relevant grid blocks. The circular crown 
represents an area of the reservoir where permeability impairment, which may be due to 
chemical precipitation, can occur. For each different scenario, several simulations were 
performed where the permeability of the circular crowns were varied between 2 to 80% 
of the original reservoir permeability. Changing the mean radius of the crowns from 0.8 
to 10.8 metres allowed the investigation of the impact of permeability reductions on 
injectivity at various distances from the wellbore. 
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Figure 3.6 shows the injectivity trend for the scenario corresponding to a reservoir with 
a permeability of 200 mD. The average values of injectivity was calculated as 18.5 
kg/(MPa s) for the case without any permeability alteration, whereas with the 
introduction of a 20 mD permeability circular crown, the centre of which is 0.8 m away 
from the wellbore, the average injectivity dropped to 16.6 kg/(MPa s), i.e. about 11% 
lower. 
 
Figure 3.6: Injectivity trend for 20 years of CO2 injection for a reservoir with a uniform 
permeability of 200 mD (solid line) compared with the injectivity trend of the same 
reservoir where a 20 mD circular crown is placed at a mean radius of 0.8 m from 
the well (dashed line). 
Changing the radius of the low permeability circular crown allowed the assessment of 
the impact of permeability decreases on injectivity occurring at different distances from 
the well (Figure 3.7). Injectivity loss due to low permeability circular crowns, which 
ranged from 20 to 60 mD, was plotted as a function of the mean radius of the circular 
crowns. Scenarios corresponding to reservoirs with a permeability of 50, 100, 300 and 
1,000 mD have been also modelled and are shown in appendix B. 
In the case of injectivity scenarios where the circular crowns were each time assigned a 
permeability equal to 20% of the reservoir permeability (100, 200 and 300 mD), the 
injectivity losses were found to be virtually identical (Figure 3.8). This indicates that the 
relative reduction in injectivity depends mainly on the ratio between the permeabilities 
of the reservoir and the circular crown, and not the permeability itself. 
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Figure 3.7:  Injectivity loss due to low permeability circular crowns in a 200 mD uniform 
permeability reservoir. 
 
Figure 3.8: Injectivity losses for three different reservoir scenarios where the permeability of 
the circular crowns is kept at 20% of the reservoir permeability. 
Therefore, it is possible to summarise the results of all different scenarios in one graph 
as shown in Figure 3.9, where the permeability of the circular crowns (k') are varied 
from 60% to 2% of the original permeability of the reservoir (kres). Analysing the most 
extreme case (k' = 2% kres), it is clear that injectivity can be significantly reduced when 
permeability impairments occur in the close proximity of the wellbore. Away from the 
wellbore, the effect of permeability reductions on injectivity becomes weaker, but it can 
still be significant up to several metres from the well (4 m from the wellbore the 
injectivity loss is more than 10%).  
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Figure 3.9:  Injectivity loss due to a low permeability circular crown at various distances from 
the wellbore. 
A sensitivity analysis with respect to the width of the circular crown was carried out for 
the k' = 20% kres case. Two additional simulations were run by halving and doubling the 
circular crown width. The results (Figure 3.10) show that the cases with circular crown 
thicknesses of 0.5 m and 2 m have injectivity losses which are respectively half and 
double that when the thickness is 1 m. This suggests that when the circular crown width 
is increased or decreased by a given factor, the injectivity loss is also scaled by the same 
factor, and does not lead to other changes. 
 
Figure 3.10: The effect of the width of a low permeability circular crown on injectivity. 
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An additional set of simulations were run in order to assess the effect of reservoir depth 
on CO2 injectivity.  Reservoir temperature and pressure were increased to 64 oC and 15 
MPa, representative of an aquifer at around 1,500 m deep and similar to that of the Frio 
sandstone formation (Hovorka et al., 2003). Permeabilities of the reservoir and the low 
permeability region were scaled down to represent stress effects at depth and 
injectivities compared. Although the resultant injectivities for the deeper reservoir were 
found to be lower than that observed for the shallow reservoir, the relative changes in 
injectivity, i.e. the percentage injectivity losses due to the low permeability region at the 
same distance from the wellbore, remained very similar, if not the same. 
In another set of simulations, the impact of changes in permeability on injectivity 
around the wellbore was investigated by creating a uniform region (ring) of low 
permeability surrounding to the wellbore. As it was in the case of circular crowns 
before, this low permeability region represents an area of the reservoir where 
permeability impairment may occur due to chemical precipitation. Several simulations 
were performed, expanding the low permeability region up to a distance 40 m from the 
wellbore and setting the permeability of the low permeability region at 5% to 40% of 
the reservoir permeability (Figure 3.11).  
 
Figure 3.11: The effect on injectivity of a low permeability zone around the wellbore. 
The results obtained were similar to those of the simulations performed with the low 
permeability circular crowns. In the vicinity of the wellbore, injectivity is more sensitive 
0
10
20
30
40
50
60
0 5 10 15 20 25 30 35 40
In
je
ct
iv
ity
 lo
ss
 (%
) 
Ring radius (m)
K' = 5% Kres
K' = 10% Kres
K' = 20% Kres
K' = 40% Kres
 Numerical Investigation into the Near Wellbore and Far Field Injectivity	
 
77 
 
to permeability modifications and therefore a small expansion of the low permeability 
region in the proximity of the well produces a greater loss of injectivity. For example, in 
the case k' = 5% kres, expansion of the low permeability region up to 5 m from the well 
induces a large injectivity loss (about 30%). Further expansion produces a less 
significant drop in injectivity, but it is still important. 
3.4. Conclusions 
This Chapter presented the results of numerical simulations using low permeability 
circular crowns as well as low permeability regions representative of permeability 
impairment around an injection wellbore in order to investigate the impact of 
permeability changes on injectivity at various distances from the injection point. The 
results have demonstrated that injectivity is mainly affected by permeability changes 
occurring near the wellbore. However, the same study have shown that, even if they 
occur several metres away from the wellbore, permeability changes can have a 
significant impact on injectivity. Therefore, it was decided to design and implement a 
new experimental and numerical approach to investigate the rock-fluid interactions in 
the far field region of an injection wellbore. 
These experiments, as presented in Chapter 4, involve the injection of an acid solution 
through limestone core samples arranged in series and subjected to different 
temperature/pressure conditions to reproduce the changes in the thermodynamic 
conditions which potentially take place when the fluid front moves away from the 
injection point. 
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Chapter 4 Experimental and Numerical Investigations 
into the Effects of Pressure and Non-
Isothermal Processes on Permeability 
4.1 Introduction 
Injection of acids, typically in carbonate reservoirs, is a widely used technique to 
increase permeability around the wellbore area and increase reservoir production (Bazin 
et al., 1996). Two different acid stimulation processes are used: matrix acidising and 
fracture acidising. In matrix acidising, formation permeability is enhanced through the 
dissolution of soluble material. In sandstone reservoirs, the acid reacts with the soluble 
minerals in the formation matrix to enlarge the pore spaces.  In carbonate formations, 
the acid can dissolve most of the entire formation matrix, and deep, highly ramified 
dissolution channels (wormholes) can be formed around the wellbore. Matrix acidising 
operations are performed at treatment pressures below the fracture pressure of the 
formation. In fracture acidising, the acid, usually hydrochloric (HCl), is injected into at 
a pressure above the formation-fracturing pressure. Flowing acid tends to etch the 
fracture faces in a non-uniform pattern, forming conductive channels that remain open 
after the fracture closes. While the application of the fracture acidising process to CO2 
storage can be questioned in some cases because of the possibility of a damage to the 
sealing unit and a subsequent leak of CO2, the matrix acidising  technique can be 
successfully employed to improve injectivity in carbonate reservoirs targeted for CO2 
storage. 
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A significant number of studies can be found in the literature dealing with the matrix 
acidising treatment (Bazin, 2000; Bazin et al., 1996; Bazin et al., 1995; Behenna, 1994; 
Daccord et al., 1993; Glasbergen et al., 2009; Kalia and Balakotaiah, 2010; Kalia and 
Glasbergen, 2009; Kalia and Glasbergen, 2010; Panga et al., 2004; Ziauddin and Bize, 
2007). Recently, Egermann et al. (2005a) pointed out that CO2 injection can produce 
dissolution patterns similar to that obtained with acidising treatments. Acidising 
experiments are, therefore, dually relevant to CO2 storage, because on the one hand, 
they can help to better design acidising processes to improve injectivity and, on the 
other hand, they can simulate the effect of CO2 injection in the reservoir. 
During the first part of this research, standard acid linear core flooding experiments 
have been conducted using limestone cores. The experiments are similar to that of Bazin 
et al. (1996) and Bazin (2000). The effect of the acid treatment has been evaluated for 
three different injection rates. 
These experiments constituted the preliminary tests for the implementation of a new 
experimental set-up, which was designed and tested in this research. The experiments 
proposed are substantially different from standard core flooding experiments. As 
explained in Chapter 2, data from standard core flooding experiments, although 
fundamental to understanding CO2 flow after the injection, they might not always be 
representative of the injectivity problem as they can only analyse the behaviour in small 
length cores and simulate only the near wellbore region. The new experimental 
approach, proposed in this research, can be used to investigate rock-fluid interactions in 
the far field region as well.  
4.2 Sample Selection 
The experiments were performed on limestone samples collected from the Guiting 
Quarry in Gloucestershire, UK (Figure 4.1). The cores used are 36 mm in diameter and 
78 mm in length. The limestone was selected for its high level of homogeneity at the 
core scale, which is an essential requirement for consistency. Indeed, the petrophysical 
properties measured on the samples proved that the cores were homogeneous: with a 
porosity of 30%, gas permeability ranging from 8 to 15 mD and liquid permeability 
ranging from 1 to 3 mD, as described in Section 4.3.1.1.  
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Figure 4.1: Guiting limestone used for the acidising experiments. 
4.2.1 Mineral Composition Analysis 
The mineral composition of the Guiting Limestone was assessed in the laboratory 
through X-Ray Diffraction (XRD) and elemental composition analysis performed using 
the Inductively Coupled Plasma-Atomic Emission Spectrometry (ICP-AES) technique. 
4.2.1.1 X-Ray Diffraction Technique 
X-Ray diffraction (XRD) is a widely used technique to characterise the crystallographic 
structure, crystallite size (grain size), and preferred orientation in polycrystalline or 
powdered solid samples. When an X-ray beam hits an atom of a crystal, the electrons 
around the atom start to oscillate with the same frequency as the incoming beam. In 
almost all directions there will be destructive interference, i.e., the combining waves are 
out of phase and there is no resultant energy leaving the solid sample. However the 
atoms in a crystal are arranged in a regular pattern and in a few specific directions there 
will be constructive interference. The directions in which constructive interference 
occurs are determined by the Bragg’s law (Bragg, 1913):  
2 sins n        (4.1) 
where: 
 s = spacing between diffracting planes, m. 
 θ = incident angle, degrees. 
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n = any integer. 
λ = wavelength of the beam, m. 
A schematic representation of the Bragg’s law is given in Figure 4.2.  
 
Figure 4.2: Schematic representation of the Bragg’s law. 
The totality of these specific directions forms a diffraction pattern. As pointed out by 
Hull (1919):  
 every crystalline substance produces a diffraction pattern;  
 the same substance always produces the same diffraction pattern;  
 in a mixture each substance produces its diffraction pattern independently of the 
others. 
Therefore, a substance can be recognised from its X-ray diffraction pattern. In powder 
diffraction analysis the mineral assemblage of a rock sample is determined by 
comparing diffraction data against a database maintained by the International Centre for 
Diffraction Data (ICDD), which is the organization that maintains the data base of 
inorganic and organic spactras. 
In this research, the Guiting Limestone samples were dried and crushed to the grain size 
of less than 50µm. The powder was pressed into a sample holder in order to obtain a 
smooth flat surface. The ideal sample is homogeneous with crystallites randomly 
distributed. The sample was analysed on a Philips PW1830 diffractometer system using 
Cu Kα radiation, fitted with a PW1820 goinometer and a graphite secondary 
monochromator. 
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4.2.1.2 Inductively Coupled Plasma-Atomic Emission Spectrometry 
Inductively Coupled Plasma-Atomic Emission Spectrometry (ICP-AES), also referred 
to as inductively coupled plasma optical emission spectrometry (ICP-OES), is one of 
the most common techniques for elemental analysis. The technique is used in a large 
variety of applications because of its high specificity, multi-element capability and good 
detection limits result. It can analyse all kinds of dissolved samples, varying from 
solutions containing high salt concentrations to diluted acids. When these excited atoms 
and ions return to their ground state or to lower excitation states they emit 
electromagnetic radiation in the ultra-violet/visible range of the spectrum (Figure 4.3). 
The fundamental characteristic of this process is that each excited element emits energy 
at specific wavelengths (λ), i.e. has a typical emission spectrum. The intensity of the 
radiation is proportional to the element concentration in the analysed sample. Thus, by 
determining which wavelengths are emitted by a sample and by determining their 
intensities, the technique can quantify the elemental composition of the given sample 
relative to a reference standard. 
 
Figure 4.3:  Process of excitation of atoms resulting in generation of element characteristic 
wavelengths. 
ICP-AES analysis requires working with samples in solution. Therefore, igneous rocks, 
sedimentary rocks, and sediments must be dissolved. This can be achieved by acid 
dissolution. In this research HCl was employed to dissolve the rock sample. The results 
do not account for Si, since quartz is not dissolved in HCl. The ICP-AES analysis were 
conducted on a Varian Vista Pro machine, which allows simultaneous multielement 
analysis guaranteeing detection limits less than 0.01 mg/l for most of the elements with 
a method accuracy and precision better than 3%. 
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4.2.1.3 Elemental Analysis Results 
Figure 4.4 shows the diffraction spectrum formed from the XRD analysis of the Guiting 
Limestone sample investigated. On the x-axis, there is the detection angle 2θ while on 
the y-axis there is the percentage of the reflected intensity on the maximum intensity 
obtained. As it can be observed from the graph, most of the peaks can be associated 
with the presence of calcite and quartz. The analysis also detected minor amounts of salt 
and feldspar. Table 4.1 presents the results obtained from the XRD analysis. 
A second XRD analysis was executed on a sample that was previously treated with 30% 
acetic acid in order to remove the calcite. This analysis had the aim to quantify the 
amount of insoluble minerals present in smaller concentrations. However, results clearly 
detected only the presence of quartz. Other minerals, which might have been present but 
in very small amounts, are illite; feldspar; pyrite and goethite. 
 
Figure 4.4: Diffraction spectrum for the Guiting limestone. 
Table 4.1: Mineral composition of the Guiting Limestone derived from XRD analysis. 
Minerals Weight Percent (%) 
Calcite 90 
Quartz 6 
Halite 3 
Feldspar Traces 
Clay Below detection limits 
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Table 4.2 illustrates the results from the ICP-AES analysis. The abundance of Ca 
confirms that the sample is mainly composed of calcite (>90%).  
Table 4.2: ICP-AES* elemental analysis of Guiting Limestone. 
Elements Concentration (mg/kg) 
Al 3,049 
Ca 294,800 
Fe 11,790 
K 2,233 
Mg 2,597 
Na 3,698 
*1:3 HNO3, HCl near total sample digestion 
 
Resuming the results from the XRD and ICP-AES data, the Guiting Limestone used in 
this research was confirmed to be mainly composed of calcite (>90%) and quartz (about 
6%), with minor amounts of halite and feldspar.  
4.2.2 Injection Fluid 
An acid solution instead of CO2 was used to reproduce acidity effects due to CO2 
dissolution in water. This solution simplifies the experimental procedure and avoids the 
problem of degassing, and the need to work under high pressure conditions. Core 
flooding experiments using reactive fluids have been extensively used in the past to 
study well stimulation operations based on acidification (Bazin, 2000) and more 
recently also in the context of CO2 geological storage (Egermann et al., 2005b). The use 
of an acid to simulate the effect of CO2 injection in carbonate rocks can be justified by 
the observation that dissolution patterns obtained in limestone when CO2 is injected  
present strong analogies with dissolution shapes referred to as wormholes from acid 
injection (Bazin, 2000). It is therefore believed that, for the limestone selected, which is 
almost entirely composed of calcite, hydrochloric acid can reasonably approximate the 
effect of CO2 injection. However, for rocks of more complicated mineralogy, reactions 
induced by dissolved CO2 and acid could differ significantly. 
4.3 Core Acidising Experiments 
4.3.1 Experimental Apparatus and Procedures 
Linear coreflood experiments have been performed using a Hassler cell type core holder 
(Figure 4.5). The Hassler cell consists of a confinement vessel furnished with a central 
 Effects of Pressure and Non-Isothermal Processes on Permeability	
 
85 
 
tubular rubber jacket, or sleeve, encasing the sample between the end platens through 
which flux is allowed. The rubber material is able to transfer the total confining 
pressure, applied through oil or gas, onto the cylindrical rock sample. The solution 
injected for the flooding experiments consisted of an HCl solution (pH = 1). The pH 
was intentionally chosen to be lower than what is likely to be expected from field CO2 
injection applications in order to enhance the effect of dissolution and most importantly 
precipitation. 
Acid flow was injected axially through the cores using a Series 1500 HLPC Pump 
supplied by SMI-LabHut Ltd., UK.  
 
Figure 4.5: Hassler cell type core holder used for the acidising experiments. 
Three different flow rates were tested: 0.2, 05, and 1.0 cm3/min. The experiments have 
been performed at atmospheric conditions. Pressure transducers were used to monitor 
the pressure drop across the sample. Petrophysical characteristics of the samples were 
accurately measured before and after the flooding. Porosities were determined using a 
helium porosimeter and verified using the weighing technique. Permeability was 
measured using nitrogen. Further details regarding the petrophysical characterisation 
carried out in this study is given in the next two sections. 
4.3.1.1 Porosity Characterisation 
Porosity was determined indirectly using a non-destructive technique based on Boyle’s 
law of gas expansion, which states that at a constant temperature, the volume, V (m3), of 
a given quantity of any gas varies inversely with the pressure, P (Pa), to which the gas is 
subjected. Thus, for an ideal gas at constant temperature, the following equation applies:  
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P1V1 = P2V2      (4.2) 
Figure 4.6 shows a schematic representation of the instrument (Helium Porosimeter) 
used for the porosity determination.  
 
Figure 4.6: Schematic of the Helium Porosimeter used. 
The specimen is first introduced into the steel chamber of known volume. Helium is 
then allowed to isothermally expand into the chamber from the reference volume of 
known pressure until equilibrium pressure is reached. The grain volume is calculated 
from measurement of the new gas pressure. Effective porosity is determined by taking 
the difference between the grain volume and bulk volume estimated using a calliper. 
Determinations made in the laboratory are generally higher than the true in situ values 
because rocks in reservoirs are subjected to overburden stresses of up to 70 MPa, and 
recovered cores at the surface tend to be stress relieved. The magnitude of this 
overestimation mainly depends on the pore volume, compressibility of the rock and the 
initial in situ porosity. Measurement of porosity in consolidated samples in routine core 
analysis can normally be expected to yield values of the true porosity +/- 0.5%, i.e. a 
true value of 27% porosity may be measured between 26.5% and 27.5%.  
The weighing technique, another non-destructive but inherently less accurate means of 
porosity determination, was used for comparison. The technique involves first the 
evacuation of all the air from the pore space of a clean, dry, weighed sample. This was 
done placing the sample in a Hassler cell and subjecting it to a vacuum for 24 hours. 
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Water saturation is afterwards obtained by pumping water until an overpressure is 
reached. Having an overpressure is important in order to force water in to the smallest 
pores. Provided the water fills all the pore space, the increase in weight of the sample 
will be directly proportional to the pore volume. 
4.3.1.2 Permeability Characterisation 
Determination of the permeability involves the flow of fluid through the sample and the 
measurement of the pressure drop across the core. Nitrogen was used as fluid for 
permeability determination in preference to water to minimise fluid-rock reactions and for 
convenience. The gas permeability was calculated using the Darcy relationship for linear 
gas flow: 
2 2
1 2
2
( )
2v
kA P PQ
LP
       (4.3) 
where: 
Qv = volumetric flow, m3 s-1. 
k= absolute permeability, m2. 
A = cross sectional area of the sample, m2. 
μ = viscosity, Pa s. 
L = length of the core, m. 
Permeability measurements were executed without applying a backpressure; therefore P2 
equalled the atmospheric pressure for all the tests. The measurements were not corrected for 
the Klinkerberg effect; however the same conditions were applied for the measurements 
before and after the HCl flooding tests in order to allow an appropriate comparison of the 
results. Accuracy is commonly expected to be within +/-5% of the true value. 
4.3.2 Results and Discussions 
As discussed in Chapter 2, the most relevant dimensionless numbers to consider for 
describing dissolution/precipitation mechanisms are the Peclet and Damkohler numbers. 
According to Daccord et al. (1993), the characteristic diffusion length, corresponding to 
the pore size, can be espressed as the square root of permeability, ki. Therefore for core 
flooding experiments, the Pe and Da numbers can be expressed as: 
2
v i
e
Q k
P
r D          (4.4) 
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2(1 )
a
v
r LD
Q
          (4.5) 
where: 
Qv = volumetric flow rate, m3 s-1. 
ki = initial absolute permeability, m2. 
r = core radius, m. 
Ф = porosity, fraction. 
D = solute diffusivity, m2 s-1. 
L = core length, m. 
α = surface area - volume ratio of the mineral, m-1. 
κ = kinetic rate constant, mol m-2 s-1. 
Since the rate data are usually reported for 25oC, the Arrhenius equation (Logan, 1982) 
can be used to obtain the rate constant at a different temperature: 
25
1 1( )
298.15
aET Exp
R T
              (4.6) 
where: 
κ(T) = rate constant at absolute temperature T (K), mol m-2 s-1. 
κ25 = rate constant at 25oC, mol m-2 s-1. 
E = activation energy, J mol-1. 
R = universal gas constant, 8.3145 J mol-1 K-1. 
For the estimation of the Peclet number, a value of 9.31 x 10-9 m2/s for the diffusion 
coefficient of H+ in water was used (Yuan-Hui and Gregory, 1974). Compared to 
diffusion in “free” water, solutes diffusing in porous mediums must travel an extra 
distance circumnavigating the sediment grains. The effective diffusion coefficient De 
corrects for this extra pathway. In order to estimate De, the approach described by 
Helfferich (1966) is used, which is based on the porosity only. This results in a range for 
the effective diffusion coefficient: 
2
2 2e
D D D            (4.7) 
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corresponding to values from 1.40 x 10-9 m2/s down to 2.90 x 10-10 m2/s. In this case, 
the average value of 8.43 x 10-10 m2/s is used. Variation in the Pe number for the 
different tests accounts for the different initial liquid permeability and flow rates used, 
which are 0.2, 0.5, and 1.0 cm3/min. For the estimation of the Damkohler number, the 
rate constant of calcite has been computed using the parameters from Palandri and 
Kharaka (2004). Table 4.3 presents the data on the dimensionless numbers.  
Table 4.3: Estimation of the dimensionless parameters Pe and Da for the acidising experiments. 
Injection rate 
(cm3/min) 
Liquid Perm.
(mD) Pe Da PeDa 
0.20 9.05 x 10-1 3.52 x 10-4 1.35 x 103 4.74 x 10-1 
0.50 1.60 1.17 x 10-3 5.38 x 102 6.31 x 10-1 
1.00 2.89 3.15 x 10-3 2.69 x 102 8.48 x 10-1 
 
The PeDa product is close to one for all the tests. In these conditions, mass transfer due 
to diffusion is limited and the dissolution behaviour mainly relies on the renewal rate of 
reactive solution, i.e. on the Pe number. At the low flow rate of 0.2 cm3/min, the 
convection speed is small (Pe = 3.15 x 10-3), and dissolution interested only an area of 
the sample near the inlet with small impact on the final permeability of the core 
(convection limited dissolution regime, i.e. pseudo-compact dissolution regime). For the 
other two cases, the convection term is stronger, and wormhole patterns formed since 
the acid could not be neutralised locally and it was transported further inside the cores 
(mass transfer limited dissolution regime, i.e. wormholing regime). Referring to the 
graph in Figure 2.8, the test conducted at the low flow rate corresponds to compact 
dissolution regime, while the tests performed at medium and high flow rate correspond 
to dominant wormhole regime. 
Visual observation of the cores after the flooding confirmed that at the lower flow rate 
dissolution affected more the inlet region, while at higher flow rates several wormholes 
were formed (Figure 4.7). 
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(a) (b) (c) 
Figure 4.7:  Wormhole dissolution patterns observed injecting HCl (pH=1) at different flow 
rates: (a) 0.2 cm3/min, (b) 0.5 cm3/min, (c) 1.0 cm3/min. 
After the flooding test at the low flow rate, the upstream face of the core appeared 
extremely excavated and a big hole of diameter of 5 – 6 mm was observed. After the 
test conducted at the medium flow rate, the core appeared largely pitted on the upstream 
side with several holes with diameters of 3 – 4 mm. At the high flow rate, the core after 
flooding did not show great signs of dissolution, a few 1 – 2 mm holes were identified 
on the perimeter of the inlet surface as well as a single hole of a diameter of around 1 
mm being present at the outlet surface indicating breakthrough. Summarising, the visual 
observations indicated that, as the injection rate increases, dissolution moves from the 
inlet face region into the core and the wormholes at the entrance become visibly 
smaller.  
For the core subjected to the highest flow rate (1.0 cm3/min), cross sectional images 
were taken after the acid treatment using X-Ray microtomography (μCT). CT images 
were taken along the core with slices 1.76 x 10-1 mm distant from each others. Cross 
sectional images of the core were created from X-Ray attenuation measurements taken 
from different directions around the core. Attenuation coefficient is proportional to the 
bulk density of the material. Therefore, when a core sample is scanned, variation of the 
attenuation coefficient (or CT numbers) are directly represented as gray values in each 
pixel of the reconstructed image (Wellington and Vinegar, 1987). In Figure 4.8, the 
cross sectional images taken along the entire length of the core (~4 mm spacing between 
slices) are displayed. Darker areas in the cross sectional images identify the wormhole 
channels.  
 Effects of Pressure and Non-Isothermal Processes on Permeability	
 
91 
 
 
L = 0.00 mm L = 4.06 mm L = 8.13 mm L = 12.20 mm 
 
L = 16.26 mm L = 20.32 mm L = 24.39 mm L = 28.46 mm 
 
L = 32.52 mm L = 36.59 mm L = 40.65 mm L = 44.71 mm 
 
L = 48.78 mm L = 52.84 mm L = 56.91 mm L = 60.97 mm 
 
L = 65.04 mm L = 69.10 mm L = 73.17 mm L = 78.24 mm 
Figure 4.8:  CT-scanning images of Guiting limestone core subjected to 10 pore volumes of 
HCl (pH = 1) at a rate of 1.0 cm3/min.  
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The dissolution pattern observed consists mainly of a single thin channel, which goes 
through the entire length of the core, moving from the perimeter towards the 
longitudinal axis of the core. The diameter of the wormhole oscillates between 3 mm 
and 1 mm. Branching is limited, however it can be observed in few cross sectional 
images. When ramifications occur, hole sizes reduce. 
Figure 4.9 shows the permeability evolution of the Guiting samples subjected to the 
acidising treatment. For the cases examined, a higher injection rate resulted in a greater 
increase of permeability. Previous studies confirm this trend (Bazin, 2000; Bazin et al., 
1996; Bazin et al., 1995). At the lower flow rate (0.2 cm3/min), permeability underwent 
only a slight change from 0.6 to 0.8 mD. Despite the large number of pore volumes 
injected, the small change in permeability suggests that the penetration of dissolution 
affected only a small area near the upstream face of the core. At the intermediate flow 
rate (0.5 cm3/min), liquid permeability increased from 2.0 mD to 5.0 mD, after the 
injection of 17 PV. As the previous case, no breakthrough was observed. At the higher 
injection rate (1.0 cm3/min) liquid permeability was seen increasing of around one order 
of magnitude, from the initial value of 2.5 mD to the value of 24.0 mD at the 
breakthrough, occurred after 9 pore volumes of acid injection.  
  
Figure 4.9:  Permeability evolution during the Guiting Limestone core flooding tests with HCl 
at different flow rates. 
Table 4.4 summarises the results from porosity and gas permeability measurements of 
the cores performed before and after the acid injection experiments. Permeability 
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measurements conducted with nitrogen have to be considered more accurate than the 
measurements of liquid permeability performed during the HCl flooding. This is 
because the interaction of HCl with calcite forms gaseous CO2, which would introduce 
relative permeability effects. Initial core porosities were determined using a helium 
porosimeter, however, porosity changes were assessed by attributing the change of 
weight of the cores exclusively to dissolution/precipitation of calcite. This hypothesis 
can be considered reasonable since calcite is the most reactive mineral in the rock 
samples analysed and represents 90 % of the mineral assemblage.  In the following 
experiments, the approximation used was further validated by the chemical analysis of 
the produced fluids, which showed that around 97 % of the cations found in the samples 
corresponds to Ca. Detailed information about the method used for the chemical 
analysis and the results are given in the following sections. From the change in weight, 
it is possible to calculate the equivalent decrease in volume due to calcite dissolution 
and therefore the new value of porosity. For the calculation, a calcite density of 2.71 
g/cm3 was used. 
Table 4.4: Petrophysical properties before and after the acidising treatment 
Injection 
rate 
(cm3/min) 
PV Ф i 
(%) 
Ф f. 
(%) 
ki 
(mD) 
kf 
(mD) 
0.2 47 29.83 32.69 1.36 1.66 
0.5 17 29.48 30.87 2.91 7.90 
1.0 9 31.15 31.88 4.74 327.34 
 
As Table 4.4 shows, the injection of 47 PV of HCl at 0.2 cm3/min induced a large 
change in porosity, from 29.83 % to 32.69 %, but only a limited variation in 
permeability, from 1.36 mD to 1.66 mD. At the medium flow rate, porosity changed 
from 29.48 % to 30.87 % and permeability more than doubled its value, from 2.91 mD 
to 7.90 mD. At the higher flow rate, HCl produced a small change in porosity but the 
impact on permeability due to the breakthrough was enormous, from 4.74 mD to 327.34 
mD. Plotting in a graph (Figure 4.10) the relative change in porosity experienced by 
each sample in the y-axis and the number of pore volume injected respectively injected 
in the x-axis, it is possible to see that the porosity alteration seemed to be not 
significantly dependent on the flow rate but only on the total volume of acid flushed 
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through. Differently from porosity, the permeability alteration strongly depends on the 
fluid regime. 
 
Figure 4.10: Porosity variation during the acidising experiments 
At the higher flow rate, breakthrough was reached after the injection of 9 pore volumes 
of acid. Despite the greater number of pore volumes injected, in the tests conducted with 
an injection rate of 0.5 and 0.2 cm3/min, breakthrough was not reached. Unfortunately, 
there are not CT images available to directly detect the wormhole penetration distances 
for these two cases. However, it is possible to make a fair estimation. It has been 
previously demonstrated, in fact, that the wormhole longitudinal length can be 
calculated from the values of permeability before and after the alteration process (Bazin 
et al., 1996). In order to perform such calculation, the following assumptions need to be 
made: 
1. Permeability in the wormhole region is infinite. 
2. Permeability in the no wormhole region is equal to the initial core permeability. 
The first hypothesis can be judged fair since, as shown in the petrophysical data, 
permeability through the wormhole resulted to be several orders of magnitude bigger 
than initial permeability. Since the cores used in this study were demonstrated to be 
sufficiently homogeneous, also the second assumption can be considered adequate. 
Bazin et al. (1996) further confirmed their hypothesis by obtaining a very good 
agreement between the wormhole length computed from permeability data and CT 
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observations. Applying the Darcy's law, the following relationship can be applied to 
calculate the wormhole length: 
/ /f i i fL L k k        (4.8) 
where Li and Lf are respectively the initial core length and length of the core not reached 
by the wormholes after the flooding test. The wormhole length (Lwh) is given by the 
subtraction of the above mentioned lengths: 
(1 / )wh i i fL L k k        (4.9) 
Using this method, it was possible to estimate the wormhole lengths for all the cases 
examined in this research. For the case with an injection rate of 0.5 cm3/min, the 
wormhole length is estimated to be 48.29 mm, i.e. 76.45 % of the whole core length. 
Despite the large number of pore volumes injected, the wormhole length for the case 
with the lower injection rate seems to be only 13.69 mm, i.e. 18.07 % of the whole core 
length. 
Adopting a reasonable assumption that the wormhole region advances at a constant rate 
through the entire core length (Bazin et al., 1996), the estimated longitudinal length of 
the wormholes was used to calculate the pore volumes necessary for the breakthrough. 
This data is plotted in Figure 4.11 against the mean interstitial velocity, which is 
calculated as the ratio of Darcy velocity and porosity. 
 
Figure 4.11: Effect of the injection rate on wormhole propagation 
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The graph shows that as interstitial velocity increases, the wormhole pattern advances 
faster and, therefore, pore volumes required for breakthrough decrease. However, as 
previous studies demonstrated (Bazin, 2000; Kalia and Balakotaiah, 2010), this trend is 
reversed for values higher than an optimum velocity which is defined as the value of 
intersticial velocity with which the smaller number of pore volumes are needed for 
breakthrough. In this research, high flow rates were not employed to evidence this 
reversal of behaviour, however the flattening of the curve for high velocities may be a 
sign confirming this. As explained in Chapter 2, at high flow rates, the dissolution 
pattern becomes extremely ramified, limiting the wormhole progression along the main 
flow direction. For even higher flow rates, the residence time of acid in the rock 
becomes small and, therefore, the rock is dissolved more uniformly throughout the 
medium resulting in a uniform dissolution pattern (Kalia and Glasbergen, 2009). It is 
interesting to observe that, while in terms of total acid volume for breakthrough, it is 
possible to identify an optimum flow rate value, in terms of breakthrough time, it is 
always advisable to use the highest flow rate possible (as defined by pumping 
restrictions and pressure constraints). In fact, as Kalia and Balakotaiah (2010) 
highlighted, breakthrough time decreases as the injection rate is raised even though the 
required acid volume increases. In a damaged well, in case the impairment is 
significant, the reduction in operating time at a higher flow rate may offset the cost of 
additional acid (Kalia and Balakotaiah, 2010). 
In summary, the acidising experiments conducted on the Guiting Limestone confirmed 
the evidence of the transition between the wormholing regime, i.e. the convection 
limited dissolution pattern, and the mass transfer limited dissolution mechanism. These 
considerations are of extreme importance when planning acid treatment in a damaged 
well or CO2 storage operations since CO2 injection might produce similar effects. 
4.4 The Effect of Pressure and Non-Isothermal Effects 
4.4.1 Experimental Apparatus and Procedures 
Two similar set-ups have been designed to separately investigate the effect of pressure 
drop and non-isothermal effects on dissolution/precipitation mechanisms. These are 
mainly composed of two Hassler type core holders and a Series 1500 HLPC Pump 
supplied by SMI-LabHut Ltd., UK, used for the injection of the acid solution. Two 
cores were employed for each test. Each core was saturated with deionised water and 
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placed in the core holders, which were connected in series such that the flow at the 
outlet of the first core entered the inlet of the second.  
In the experimental set-up which was used to investigate the effect of pressure drop on 
dissolution/precipitation processes (Figure 4.12a), the pipe connecting the two cores is 
equipped with a back pressure valve, which helps to create a pressure difference 
between the two cores. The back pressure valve is placed in the immediate proximity of 
the inlet of the second core holder in order that the potential carbonate precipitation due 
to pressure drop occurred mainly inside the core and not along the pipe connecting the 
core holders. During the experiment, both cores were kept at ambient temperature of 
25°C.  Starting the experiments at atmospheric pressure and proceeding with the 
injection, the pressure difference between the outlet of the first core and the inlet of the 
second continued to build up until it stabilised at around 2.83 MPa. This pressure 
difference is approximately equal to the pressure drop caused by flooding through a 1 m 
length core of similar petrophysical properties, and subjected to the same flow rate. 
  
(a) (b)
Figure 4.12:  Schematic of the experimental set up used for investigating the effects of (a) 
pressure and (b) non-isothermal processes on the dissolution/precipitation 
mechanisms that occur during CO2 injection. 
The experimental design used for the investigation of the impact of non-isothermal 
effects on dissolution/precipitation is similar to the previous set-up described above 
(Figure 4.12b). The only differences are that there is no back pressure valve at the inlet 
of the second core and that the second flow cell is located in a temperature controlled 
oven in order to study the effect of temperature on the processes simulated. The first 
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core was kept at an ambient temperature of 25oC, while the second core was subjected 
to a temperature of 65oC. This configuration is believed to be representative of reservoir 
conditions where a relatively low temperature fluid injected gradually moves away from 
the wellbore in to the reservoir which has a much higher temperature, similar to that 
seen in the Frio sandstone formation in the U.S Gulf Coast field trial. Here the CO2 was 
injected at approximately 20oC, while the storage formation temperature was 
approximately 64oC (Hovorka et al., 2003).  
Pressure transducers (marked as P) are used in both configurations to monitor the 
pressure during acid injection and thus calculate permeability changes throughout the 
experiments. Moreover, a by-pass sampling point is located at the outlet of the first core 
holder for chemical analysis. The outlet of the second core is connected to the 
atmosphere. 
The experiments were conducted by injecting the acid solution directly through the 
pump at a flow rate of 0.5 cm3/min. About twenty pore volumes (PV) of acid was 
injected in all the experiments to flush the plugs significantly. To avoid the introduction 
of any external particles, filters were placed at the inlet and the outlet of each core. 
The rock/fluid interactions taking place were observed and quantified by performing 
ICP-AES chemical analysis and pH measurements of the fluids produced from the two 
cores and by monitoring permeability online during the flooding experiments. Similarly 
to the work performed on single cores, a detailed petrophysical characterisation of the 
cores was carried out before and after the acid injection experiments in order to quantify 
the impact of the rock/fluid interactions on the petrophysical properties. Also in this 
case, porosity changes were assessed by attributing the change of weight of the cores to 
dissolution/precipitation of calcite and verified through chemical analysis.  Permeability 
was measured using nitrogen. 
4.4.2 Geochemical Modelling 
Numerical models closely representing the core flooding experiments were carried out 
to compare and validate the experimental results. Simulations were run using 
PHREEQC for Windows (Parkhurst et al., 1999). The Debye-Huckel speciation model 
was used for the aqueous speciation calculations. The geochemical calculations were 
performed using the THERMODDEM database from Bureau de Recherches 
Geologiques et Minieres (BRGM). 
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The limestone used was modelled as a bi-mineral rock with a porosity of 30%, mainly 
composed of calcite (94%) and the rest as quartz. The only reactions involved after HCl 
injection are dissolution/precipitation of calcite, dissolution of quartz and formation of 
CO2. In the gas phase CO2 can be considered as inert and therefore it does not take 
active part in chemical reactions during the experiments. However, its formation may 
temporarily affect permeability, creating a two phase stream of liquid and CO2. 
Mineral dissolution and precipitation reactions occur under kinetic conditions. The 
kinetic rate law proposed by Lasaga (1984) was used: 
1n n n nr A
        (4.10) 
Dissolution of minerals occurs when rn (mol s-1) assumes positive values, whereas 
negative values correspond to precipitation, κ defines the rate constant (mol m-2 s-1) 
depending on temperature according to the Arrhenius equation, An represents the 
specific reactive surface area per kg of water, Ωn is the saturation state of the mineral n 
defined as the ratio between the ion activity product and the solubility product 
(Ωn=IAP/K). γ and η are empirical parameters determined by experiments, usually taken 
as 1 (André et al., 2007). Since no direct measurements of the BET-surface area are 
available for the Guiting Limestone, the geometric surface area is used to calculate the 
reactive surface area assuming that mineral grains are spherical and all have a diameter 
of 0.033 mm. The surface area for precipitating minerals is extremely difficult to assess. 
Here it is assumed that the reactive surface area during precipitation is 10 times smaller 
than for dissolution. 
For calcite, dissolution/precipitation kinetic is controlled, besides the neutral 
mechanism, by the acid and carbonation mechanism, i.e. reaction rates depend on the 
activity of H+ and aqueous CO2. In this case, κ is calculated using the following 
expression: 
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where nu, H and CO2 are superscripts indicating neutral, basic and acid mechanisms 
respectively and a (dimensionless) is the activity of species.  
The kinetic parameters used for the simulation are taken from Palandri and Kharaka 
(2004) and shown in Table 4.5.  
Table 4.5:  Kinetic parameters for mineral dissolution and precipitation (Palandri and Kharaka, 
2004). 
 Acid mechanism Neutral mechanism Carbonation mechanism 
 aLogκ25 bEa n aLogκ25 bEa aLogκ25 bEa n 
Calcite -0.30 14400 1.0 -5.81 23500 -3.48 35400 1.0 
Quartz - - - -13.99 87700 - - - 
a. Rate constant κ computed at 25 oC, pH = 0, mol m-2 s-1 
b. Arrhenius activation energy, KJ mol-1 
The cores are modelled with a simple 1-D geometry comprising 10 cells of 7.8 mm 
each. In every cell, CO2 is allowed to form at a specified pressure condition.  
Each part of the laboratory work with the cores in series was simulated by running two 
separate advection-dispersion core scale models. The series arrangement is replicated 
using the outlet composition of the first model as input for the second model. The two 
core models are very similar but they have different temperature and pressure 
conditions. Although the variations of equilibrium constants with temperature are 
directly calculated by the simulator, changes due to pressure differences had to be 
computed manually by specifying different values for the equilibrium constants.  
Planck’s equation ( ln / )T mRT K P V     is the basic expression for the pressure 
dependence of equilibrium constants. It relates the pressure dependence to the 
difference in partial volumes of the product and reactant species, ∆Vm (m3 mol-1). 
Experiments found that ∆Vm varies with pressure. This pressure dependence can be 
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described by the equation ( / )m PV P c    , where ∆c (m3 mol-1 Pa-1) is the difference 
in the partial molal isothermal compressibilities of the product and reactant species.  
An equation derived by Lown et al. (1968) from Planck’s equation was employed to 
compute the effect of pressure on the solubility of calcite: 
2
0 0 0 0 0ln( / ) ( ) 0.5 ( )p mRT K K V P P c P P        (4.12) 
The molal volume (∆Vm0) and compressibility (∆c0) changes at atmospheric condition 
are given by: 
0 ( ) ( )m mi miV V products V reagents       (4.13) 
0 ( ) ( )i ik k products k reagents        (4.14) 
where Vmi and ci are the partial molal volume and compressibilities of the species i.  
Equation 4.12 wa found to provide a good fit to the experimental data on the solubility 
of calcite in water at various temperatures (Macdonald and North, 1974). Values of Vmi 
and ci for calcite were obtained from Millero (1982). The change in the quartz 
equilibrium constant with pressure was not considered (as will be confirmed later in the 
results), since quartz participates only marginally in the reaction due to its extremely 
slow kinetic rate.  
Variation in the mineral volume fraction resulting from chemical reactions allowed the 
computation of porosity changes.  
4.4.3 Results and Discussion 
During the first set of experiments assessing the pressure effects, liquid permeability of 
the cores was monitored during the flooding of HCl. These data are illustrated in Figure 
4.13. In line with previous work on acidising studies (Bazin, 2000), a continuous 
increase of permeability was noted in the first core. This was caused by the occurrence 
of wormhole dissolution. Towards the end of the experiment, the pressure drop inside 
the first core became negligible, a sign that the dissolution channels reached the outlet 
face. Permeability of the second core was instead found to be stable in the range of 0.45 
to 1 mD. 
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Figure 4.13:  Permeability evolution in the two cores connected in series during the 
experiments carried out to assess the effect of pressure on 
dissolution/precipitation processes. 
These permeability measurements are in line with the visual observations of the post-
flooded cores (Figure 4.14). In the first core, numerous pinholes caused by dissolution 
are visible on the injection face, and one single hole is present at the outlet face which 
confirms that the wormhole pattern extended through the entire core. The second core, 
which was subjected to a lower pressure, shows minor or negligible signs of dissolution.  
 
             Core 1                       Core 2
Figure 4.14:  Dissolution patterns observed during the experiments carried out to assess the 
effect of pressure on dissolution/precipitation. 
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Figure 4.15:  PHREEQC simulation results (solid lines) and experimental results (data points) 
of the analysis of produced water (Core 1) – Pressure effects. 
Figure 4.15 presents the results of the geochemical modelling for the first core in the 
series. The S-shaped breakthrough curves obtained are similar to those characteristic of 
flow affected by dispersion during tracer flow tests. For laboratory experiments Koltz et 
al. (1980) estimated local dispersivity in the order of 10-3 to 10-2 cm. Here a value of 
longitudinal dispersivity of 10-2 m has been used.  The Ca concentration quickly 
increases during the first 4 PV of flooding, from the initial value of 5 g/l up to 2,777 g/l, 
where it stabilises for the rest of the experiment. This variation is due to the dissolution 
of calcite, which was visually observed at the injection face of the core. Silicon 
concentration followed a similar trend to Ca, but the concentrations are extremely low. 
This suggests that quartz participates only marginally in the reactions. The pH followed 
a decreasing trend, from 9.9 down to 5.6.  
These results observed are highly consistent with the actual ICP-AES analysis: Ca 
concentration was found to increase from 27 to 2,338 g/l. Measured pH results also 
follow a decreasing trend (from 8.2 down to 6.1), although they do not exactly match 
the pH profile obtained in the numerical simulations. 
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Figure 4.16: PHREEQC simulation results (solid lines) and experimental results (data points) 
of the analysis of produced water (Core 2) – Pressure effects. 
Figure 4.16 summarises the modelling results for the second core. The general trends 
are exactly the same as for the first core, but the curves stabilise at a different level. 
From the geochemical calculations, Ca concentration stabilises at a lower value (2,695 
g/l compared to 2,777 g/l), while pH stabilises at a slightly higher value than in the 
previous calculation (5.7 compared to 5.6). The experimental results confirm a lower Ca 
concentration (around 2,250 g/l compared to 2,338 g/l). This variation in Ca 
concentration suggests that some precipitation of CaCO3 occurred during the 
experiment due to the pressure drop induced between the two cores. 
Table 4.6:  Petrophysical properties pre- and post-core flood for the “pressure effect” 
experiments. 
Sample ∆Φ (exp.)  % 
∆Φ (PHREEQC) 
% N2 permeability (mD) 
Core 1 +1.7 +1.57 2.64522.45 
Core 2 +0.30 -0.04 2.712.97 
 
Table 4.6 summarises the results from the petrophysical characterisation of the cores 
performed before and after the acid injection experiment. The gas permeability of the 
first core measured with N2 after the experiments was found to increase by more than 
two orders of magnitude, from 2.64 mD to 522.45 mD. This is because dissolution 
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created interconnected channels through the entire core. Porosity measurements have 
shown an increase of about 1.7% for the first core. This increase in porosity is highly 
consistent with the geochemical model which predicted a porosity increase of about 
1.6% due to calcite dissolution.  Final gas permeability of the second core was found 
slightly higher than that measured before the flooding (increased from 2.71 mD to 2.97 
mD) suggesting that some dissolution have also occurred inside the second core. In 
confirmation of this, a decrease in the weight of second core of 0.71 g was measured 
following the flooding. Assuming that the entire change in weight was due to calcite 
dissolution, the porosity increase corresponding to this would be ~0.3%. On the other 
hand, the geochemical modelling using PHREEQC predicted a slight porosity decrease 
of 0.04% due to deposition of calcite. This is highly consistent with the geochemical 
analysis presented before, where the amount of Ca in the water produced from the first 
core was higher than that produced from the second core. 
While the petrophysical characterisation suggests dissolution in the second core, the 
chemical data supported by the geochemical simulations indicate precipitation of 
calcite. It is possible that calcite precipitation occurred in the second core during the 
flooding as a consequence of the induced pressure drop, however, towards the end of 
the experiment, after the interconnected channel was created in the first core, some 
weakly neutralised acid solution could have passed through the first core causing some 
dissolution in the second core. This is confirmed by the markings observed at the inlet 
of the second core and verified by the measured slight increase in permeability and 
porosity. 
The permeability evolution of the cores during the flooding of nearly 20 PV of acid 
during the second set of experiments is shown in Figure 4.17. The permeability of the 
first core followed an increasing trend. Similar to the previous experiment, the increase 
in liquid permeability is certainly due to dissolution of calcite. In the second core, 
permeability was found to progressively decrease from about 2 to 1 mD. This 
permeability reduction might be due to carbonate deposition as a consequence of the 
temperature change, but it could also be caused by the displacement of fine particles or 
relative permeability effects since CO2 is produced inside the core during the acid 
injection. 
 Effects of Pressure and Non-Isothermal Processes on Permeability	
 
106 
 
 
Figure 4.17:  Permeability evolution in the two cores connected in series during the 
experiments carried out to assess the effect of temperature on 
dissolution/precipitation processes. 
 
Core 1 Core 2
Figure 4.18:  Dissolution patterns observed during the experiments carried out to assess the 
effect of  non-isothermal processes on dissolution/precipitation. 
Visual observations of the cores after the flooding revealed strong dissolution patterns at 
the inlet of the first core and, similar to the previous “pressure effect” experiment, with 
no signs of alterations in the second core (Figure 48). This suggests that the 
pressure/temperature changes modified the behaviour of the reactions, stopping or 
significantly slowing down the progress of dissolution.  
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The results of the chemical analysis and PHREEQC simulations are summarised in 
Figure 4.19 (core 1) and Figure 4.20 (core 2). In both cases, the numerical simulations 
show an increasing trend for Ca concentration and a decreasing trend for pH. It is 
important to underline that, similar to the previous case, Ca concentration in the first 
core stabilises at a higher value than in the second (2,698 g/l for the first core compared 
to 2,545 g/l in the second core). Experimental results confirm a lower Ca concentration 
at the outlet of the second core (2,309 g/l at the exit of the first core and 1,920 g/l at the 
exit of the second core). As in the previous experiments, this difference in Ca 
concentration between the two cores indicates deposition of calcite in the second core. It 
is noted that the experimental data in the transition zone are not in good agreement with 
the modelled values. In particular, the experimental values take longer to stabilise. It is 
believed that this was due to the thermodynamic conditions inside the cores not being 
exactly replicated by the numerical simulations as a result of the assumptions made in 
selecting the model coefficients. Other possible explanation is that the presence of the 
small percentage of aluminosilicate minerals in the rock, which was not modelled 
numerically, may have reacted with the acid solution playing a significant pH buffering 
action. 
 
Figure 4.19:  PHREEQC simulation results (solid lines) and experimental results (data points) 
of the analysis of the produced water (Core 1) - Non-isothermal effects. 
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Figure 4.20:  PHREEQC simulation results (solid lines) and experimental results (data points) 
of the analysis of the produced water (Core 2) - Non-isothermal effects. 
Table 4.7:  Petrophysical properties pre- and post-core flood for the “non-isothermal effect” 
experiments. 
Sample ∆Φ (exp.) % 
∆Φ (PHREEQC)
% N2 permeability (mD) 
Core 1 +1.39 +1.30 2.917.90 
Core 2 +0.07 -0.07 1.841.81 
 
Petrophysical measurements (Table 4.7) carried out pre and post-flooding of the cores 
have shown an increase in porosity (+1.39%) and gas permeability (from 2.91 mD to 
7.90 mD) in the first core and no significant changes in the second core. The 
simulations gave very similar results for the first core (+1.30% change in porosity) and, 
in line with the chemical analysis, predicted a decrease in porosity in the second core (-
0.07%).  Therefore, it is probable that calcite deposition occurred inside the second core 
during flooding; however, the corresponding changes in porosity and permeability were 
very small to be detected experimentally. 
In summary, the results of the experiments demonstrated that the effect of pressure 
changes is relatively small and is not considered to be a major threat for CO2 injectivity. 
On the other hand, pressure differences within the reservoir are minimised as the 
wormhole dissolution front advances from the injection point.  
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It was also observed that, although not significantly large, the effect of temperature 
variations between the injection point and the reservoir in the long term can lead to re-
precipitation and permeability reduction, resulting in loss of injectivity. Possible 
carbonate precipitation due to this effect can, however, be easily minimised injecting 
CO2 at a temperature close to the reservoir. Increasing further the temperature of the 
injected CO2 above the reservoir temperature would theoretically prevent carbonate 
precipitation due to temperature differences. In fact, in this case, solubility of carbonates 
would increase moving away from the higher temperatures in the injection point to the 
lower temperature in the reservoir preventing carbonate precipitation from the saturated 
solution. 
The experiments reported here were conducted using limestone cores; therefore they 
most closely simulate the processes taking place in carbonate reservoirs. However, 
similar considerations can be extended to sandstone reservoirs. In fact, carbonates are 
commonly present in sandstone rocks, usually as pore filling and replacement cements 
consolidating the grains of sand. Carbonate minerals in sandstone can therefore undergo 
the same dissolution/precipitation mechanisms observed in limestone cores, leading to 
similar porosity and permeability changes. 
It should be noted that the results obtained are not directly applicable to real CO2 
injection cases. The acidity of the solution used in the experiments was unrealistically 
high and the reactions observed may be different to those taking place in a real injection 
scenario. However, it is believed that the results of this study are a good indication of 
the changes in the petrophysical properties of carbonate rocks due to variations in the 
thermodynamic conditions around an injection wellbore. In the case of CO2 injection, 
these changes may lead to more severe injectivity impairments. In fact, an increase of 
temperature together with a decrease in fluid pressure in the far field would not only 
decrease the solubility of carbonates but also cause degassing of CO2.  This would 
decrease the concentration of carbonic acid in solution, resulting in an increase in pH. 
This would further increase the potential of carbonate deposition and therefore of an 
injectivity loss. On the other hand, in a real injection scenario the precipitation front 
would be progressively moving away from the wellbore, therefore, the impact on 
injectivity of the precipitation phenomena may be less than what may be observed in a 
linear geometry.  
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Future “in-series” experiments will consider using CO2 or carbonated brine instead of 
an acid solution under simulated reservoir conditions. In the literature, there is already a 
study investigating the impact of pressure on the interaction of CO2 with the reservoir 
rocks and formation fluids, using the approach of cores connected in series (Oomole and 
Osoba, 1983). This work, executed in the context of enhanced oil recovery, consisted of 
the injection of around 0.5 PV slugs through two dolomite cores saturated with KCl 
solution. The experiments were performed at a temperature of approximately 27 oC, 
pressure in the first core was maintained at around 7.2 MPa, while in the other core a 
pressure drop of approximately 7.0, 5.2, 3.4, 2.1 and 0.7 MPa was achieved. With these 
conditions, CO2 was in the liquid phase when injected in the first core and it changed to 
the gas phase as it went through the second core. At the end of the displacement, the 
cores were re-saturated with KCl and their brine permeability re-determined. The 
authors reported an increase in permeability in the first cores in the serial arrangement 
due to dissolution of carbonate material and a permeability reduction in the second core 
somehow proportional to the pressure drawdown. These results seem to confirm the 
possibility of precipitation of calcite due to the pressure drop. However, the data cannot 
be applied to CO2 storage projects for a number of reasons: 
1. Pressure and temperature conditions used are not representative of reservoir suitable 
for CO2 storage. At these conditions, CO2 is injected in liquid phase, instead of 
supercritical. 
2. The amount of CO2 injected is very low (less than 1 PV), for the results to account 
for the dissolution/precipitation phenomena. 
3. In most of the tests, the pressure change in the second core is too large compared to 
the pressure drop that CO2 is expected to experience in a real CO2 injection project. 
As a result of  this large pressure variation, CO2 changes from liquid to gas phase, 
varying significantly the physical properties of the fluid. When the pressure in the 
second core varies from around 7.0 MPa to atmospheric pressure, the volume of 
CO2 increases of almost 70 times. Since the permeability post-flooding has been 
measured directly after the CO2 displacement imbibing new brine, the results might 
have strongly been influenced by multiphase effects which can account for the drop 
in permeability in the second cores in the series. In fact, CO2 can remain trapped as 
a residual phase and affect significantly the brine permeability (Bachu and Bennion, 
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2008; Bennion and Bachu, 2005; Bennion and Bachu, 2008; Bennion and Bachu, 
2010).  
It appears, therefore, that it is important to repeat similar experiments to that of Omole 
and Osaba (1983) considering conditions as close as possible to real CO2 storage 
scenarios. 
4.5 Conclusions 
The research presented in this Chapter demonstrated that the effect of pressure and 
temperature changes are relatively small and are not considered to be a major threat for 
CO2 injectivity. However, it is important to highlight that the obtained results cannot be 
directly applied to real CO2 injection cases. Future experiments will consider using CO2 
or carbonated brine instead of an acid solution under simulated reservoir conditions.  
In the next two Chapters, the process of salt precipitation driven by water vapourisation 
is investigate through experimental and numerical methods.  
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Chapter 5 Experimental Investigation into Salt 
Precipitation during Carbon Dioxide 
Injection in Saline Aquifers 
5.1 Introduction 
As discussed in Chapter 2, injection of dry CO2 in saline aquifers induces 
vapourisation of water and salt precipitation in the wellbore area, which can lead to 
severe injectivity impairments. Injection of fresh water has shown to be an effective 
strategy to mitigate this problem (Pruess and Müller, 2009). However, in order to 
effectively optimise this operation, it is fundamental to accurately predict both the 
porosity and permeability reduction induced by the halite scaling phenomenon. 
The research described in this Chapter aims to address this issue by designing and 
implementing a new experimental methodology with a view to investigate and 
establish the relationship between porosity changes and resulting permeability 
variations. CO2 core flooding experiments were conducted using St. Bees Sandstone 
and Guiting Limestone core samples saturated with saline water resulting in variable 
levels of alteration due to halite scaling. For the early investigation, a relatively 
simpler experimental setup was built to perform CO2 injection at atmospheric 
pressure and temperature. Once the experimental methodology was established, a high 
pressure core flooding setup was used in order to execute the tests with supercritical 
CO2 at reservoir conditions. Experiments at high pressure and temperature conditions 
were executed using the facilities of the WaterLab of the Technical University of 
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Delft. The difference between the research carried out in this PhD and previous 
research reported in the literature is that brine injection and CO2 flooding tests were 
repeated a number of times over on the same core samples in order to assess the level 
of porosity and permeability alteration. The results allow the quantification of 
permeability and injectivity reduction due to halite precipitation and enable the 
development of a permeability model for use in numerical modelling. 
5.2 Sample Selection 
The experiments were performed on limestone and sandstone samples. Limestone 
plugs were collected from the Guiting Quarry in Gloucestershire, UK (see section 4.2 
for details). The sandstone used is the red St. Bees Sandstone, from the Birkhams 
Quarry, UK. Rock porosity was found to be around 20 % for all the four samples 
analysed and the permeability measured using the steady state method (See Section 
4.3.1.2) at atmospheric conditions varied between 50 and 200 mD (5.0 x 10-14 – 2.0 x 
10-13 m2). Mineralogical XRD analysis has shown the prevalence of quartz (90%), and 
the presence of variable amounts of clay minerals (kaolinite, montmorillonite-
smectite, illite and chlorite) and muscovite (KAl3Si3O10(F,OH)2) in the samples. The 
distinctive close bedding and fine grain size gives this rock a very high level of 
resistance to physical weathering. This characteristic was essential for the 
experimental design designed, since the samples needed to be subjected to several 
consecutive tests without losing their physical integrity.  
The cores used for the tests conducted at atmospheric pressure and temperature are 36 
mm in diameter and 78 mm in length. Larger cores, 70 mm in diameter and 150 mm 
in length, were used for the experiments conducted at simulated reservoir conditions 
(45oC and 8 MPa).  
The saline brines used in this study were prepared from deionised water and sodium 
chloride (NaCl) with two salinity levels at 240 and 360 g/l NaCl. The physical 
properties of the fluids used are shown in Table 5.1. 
 
 
 
 Experimental Investigation into Salt Precipitation during CO2 Injection in Saline Aquifers	
114 
Table 5.1: Fluid properties of brines at atmospheric pressure and 15oC. 
Fluid Density (kg/m3) Viscosity (Pa s) 
Fresh water 1,002 0.978 x 10-3 
Brine (240 g/l) 1,147 1.556 x 10-3 
Brine (360 g/l) 1,197 2.856 x 10-3 
 
5.3 Experiments at Atmospheric Pressure and Temperature 
5.3.1 Experimental Apparatus and Procedure 
Figure 5.1 illustrates a schematic diagram representing the experimental set-up for the 
flooding experiments (vapourisation) performed at atmospheric conditions. It 
comprises of a Hassler type core holder (see Figure 4.5 in section 4.3.1), where the 
rock samples are confined at around 3 MPa, and a gas mass flow controller (GFC) 
supplied by Aalborg®, used to modulate the injection of CO2. The GFC employed in 
this study allows to work with flow rates ranging from 0 to 500 cm3/min and system 
pressure of up to 7 MPa. The accuracy of the instrument is ± 1.5 % of the full scale. It 
should be noted that the gas flow measurements are not affected by moderate 
variations in temperature and pressure of the system.   
 
Figure 5.1:  Schematic diagram of the core flooding setup used for the vapourisation 
experiments at atmospheric pressure and temperature. 
The operating principle of the mass flow controller is that the fluid mass flow rate is 
measured by means of the heat convection from a heated surface to the flowing fluid. 
The gases are divided into two flow paths, one through the primary flow conduit, and 
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the other through a capillary sensor tube. Both flow conduits are designed to maintain 
laminar flow and hence the ratio of their flow rates is constant. The two precision 
temperature sensing windings mounted on the sensor tube are heated and, when flow 
occurs, gas carries heat from the upstream to the downstream windings. The resultant 
temperature difference is proportional to the variation in resistance of the sensor 
windings, which, in turn, is proportional to the instantaneous flow rate. The 
temperature dependent resistance gradient on the sensor windings is monitored by a 
wheatstone bridge design. Output signals of 0 to 5 Vdc and 4 to 20mA are generated 
indicating molecular based mass flow rates of the selected gas. The combined gas 
streams pass through an electromagnetic valve with an appropriately selected orifice. 
The mass flow rate is continuously monitored and maintained at the set value through 
the closed loop control circuit. 
The mass flow controller was calibrated for use with CO2; however, by using 
appropriate correction factors, N2 could also be employed in the experiments. The 
GFC was equipped with a flow totalizer which provided the total volume of gas 
injected during each vapourisation test. To avoid the introduction of any external 
particles, filters were placed at the inlet and the outlet of each core. A big moisture 
trap by Agilent®, made by a 750 cm3 aluminium vessel filled with silica gel, was 
placed at the inlet of the core holder to ensure that the injected gas coming from the 
gas cylinder is dry. The one-piece design of the moisture trap eliminates potential 
leaks for pressures up to 1.7 MPa. The trap has a capacity of 130 g of water and it can 
reduce the water content of a gas stream to less than 5 ppb. For the tests using CO2 as 
injection gas, the big moisture trap was heated with a heating jacket at the ambient 
temperature of 25°C to contrast the Joule Thompson cooling effect that CO2 
experiences when it is decompressed from the pressure of 5 MPa in the cylinder to 
almost atmospheric pressure. 
At the outlet of the core holder, a liquid trap and a vapour trap were placed in 
sequence to respectively capture and quantify the liquid brine displaced and the water 
vapour present in the flowing gas due to evaporation. The vapour trap consisted of a 
refillable moisture trap MT200-S by Agilent®. This is constructed from Lexan brand 
polycarbonate tubing and contains 200 cm3 of indicating silica gel, which can absorb 
as much as 40 % of its weight in water. The silica gel turns from deep blue to pale 
pink at 40 % relative humidity. The gas flow was measured with a flow meter before 
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being released to the atmosphere. Pressure transducers (marked as P) were used to 
monitor the pressure drop inside the cores during the gas injection and, thus, calculate 
permeability changes throughout each experiment. 
A specific procedure was chosen to obtain both a good characterisation of the sample 
before and after the rock alteration and also monitoring the evolution of the 
permeability during the vapourisation experiments. Each vapourisation test involved 
four stages:  
1. initial petrophysical characterisation; 
2. saturation with NaCl brine; 
3. water vapourisation through dry CO2 flooding; 
4. post flood permeability and porosity measurements. 
Core saturation was performed after subjecting the dry cores to vacuum for at least 24 
hours to ensure that no air remains trapped within the core and it becomes fully 
saturated with brine in the next step. Following the step of core saturation with brine, 
water vapourisation was conducted by injecting the dry CO2 at a constant flow rate of 
around 200 cm3/min. In all the experiments, more than 3,000 pore volumes (PV) of 
CO2 were injected to dry the cores. The brine captured in the water trap was analysed 
using Inductively Coupled Plasma Atomic Emission Spectroscopy (ICP-AES) to 
assess and quantify the rock/fluid interactions taking place. The operating principles 
and equipment specifications of the ICP-AES technique used are discussed in Section 
4.2.1.2. A detailed petrophysical characterisation of the cores was carried out before 
and after the flooding experiments in order to quantify the impact of salt precipitation 
on the petrophysical properties. Initial core porosities were determined using the 
weight method (see section 4.3.1.1 for details); however, it was shown that the 
porosity changes were too small to be detected by this technique. These were assessed 
by attributing the increase of weight of the cores to precipitation of salt and verified 
through chemical analysis. This latter method has been successfully employed for the 
first time to accurately assess porosity decrease by mineral precipitation (Bacci et al., 
2010). The same technique was subsequently used in similar works performed by 
other authors (Peysson et al., 2010). Permeability was measured using nitrogen with 
the steady state method at room temperature (18°C).  
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One Guiting limestone sample and three St. Bees sandstone samples were tested 
following the experimental procedure described above at atmospheric conditions. For 
three sets of experiments, after the vapourisation tests, the samples were flushed with 
fresh water to verify the effectiveness of water injection as remediation strategy. In 
order to obtain different levels of alteration, which allow to build a relationship 
between the porosity reductions due to precipitation of salt and the corresponding 
changes in permeability, a sample of St. Bees sandstone was subjected to more cycles 
of NaCl brine saturation and dry CO2 flooding. To the author's knowledge, these 
experiments are the first of their kind and the thesis and publications that have arisen 
from this PhD research (Bacci et al., 2011) are the first time that petrophysical 
measurements conducted on samples altered with different levels of halite scaling are 
reported in the literature. 
5.3.2 Results and Discussions 
The first set of experiments at atmospheric conditions was executed on a St. Bees 
Sandstone sample fully saturated with 360 g/l NaCl brine. The core measured exactly 
77.00 mm in length and 37.10 mm in diameter. Initial petrophysical characterisation 
indicated rock porosity of 20.09 % which gives a pore volume (PV) of 16.73 cm3 and 
N2 permeability of 174.25 mD. 
In this first test, N2 was used instead of CO2 as injection fluid to standardise the 
experimental procedure. The following tests were conducted using dry CO2 at 99.9 % 
purity. The St. Bees core was flooded with N2 at a constant flow rate of 115 cm3/min 
for more than 3,000 pore volumes. 
Figure 5.2 shows the evolution of effective permeability (k x kr) during the N2 
flooding test. Initially, the core is fully saturated with brine and, due to multiphase 
flow effects, effective permeability was as low as 8.61 mD. During the first 3.5 hours, 
CO2 and brine were produced and the effective permeability rapidly grew as CO2 
saturation increased. In the following period, only CO2 was produced with no further 
brine production. Drying by evaporation kept on removing water from the core and 
effective permeability continued to grow slightly until it reached an almost constant 
value of around 45 mD after 6 hours and 10 minutes of flooding. At this point the 
experiment was interrupted. 
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Figure 5.2:  Permeability evolution during the vapourisation experiment at atmospheric 
conditions on the St. Bees sample n. 1. 
Following the gas injection, 9.93 g of brine was collected in the water trap and only 
1.84 g of water was collected in the vapour trap. The core was not found to be 
completely dried but, instead, it still retained a relatively large amount of water after 
the flooding experiment. The residual water in the core (around 40 % of the pore 
volume) can be attributed to the large viscosity contrast between the gas and brine, 
which results in a poor displacement efficiency. In order to ensure petrophysical 
measurements at the same dry conditions at all the alteration levels, the core was 
completely dried in an oven before measuring the values of permeability and porosity 
post-flooding. This measure was also applied in all subsequent experiments. 
After the vapourisation cycle, the St. Bees sample revealed deposition of salt through 
the entire length of the core (Figure 5.3). 
 
Figure 5.3: Halite scaling on the St. Bees sample n. 1 after the vapourisation test performed 
at atmospheric conditions. 
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Porosity measurements show a reduction of porosity, from 20.09 % to 18.98 %. 
Permeability post-flooding decreased by almost 30 %, from 174.35 mD to 125.74 
mD. Injection of fresh water as remediation strategy for halite scaling around the 
wellbore was tested by flushing the altered sample with 600 cm3 of water, 
corresponding to around 37 PV. After the water flooding, the core was dried in the 
oven and the petrophysical properties were measured again. Results indicate that the 
water injection strategy can be very effective in amending the damage caused by 
halite scaling. In fact, porosity and permeability were fully restored to their initial 
values.  
Figures 5.4 and 5.5 summarise the changes in porosity and permeability observed 
during the experiments on the St. Bees sample n. 1. 
 
Figure 5.4: Porosity changes after tests on St. Bees sample n. 1 at atmospheric conditions. 
 
Figure 5.5:  Permeability changes after tests on St. Bees sample n. 1 at atmospheric 
conditions. 
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The second set of experiments was conducted on a similar St. Bees core sample. The 
core was 75.60 mm in length and 37.60 mm in diameter. The initial rock porosity was 
20.73 % which gives a pore volume (PV) of 17.40 cm3. Initial permeability was 
205.32 mD, measured at atmospheric conditions using N2 with the steady state 
method. 
The experiments comprised two cycles of vapourisation and water flooding tests. The 
vapourisation tests were executed saturating the sample with a 240 g/l NaCl brine and 
drying it with CO2 flooding. A different concentration of NaCl was used to test the 
effect of brines with different salinity on the halite scaling process. Unlike the 
vapourisation test performed on the previous sample, these were executed with a 
higher flow rate and for a longer period of time to ensure a larger vapourisation of 
brine.  
The first vapourisation test was executed injecting dry CO2 at a flow rate of around 
250 cm3/min for 30 hours. The evolution of effective permeability during the flooding 
(Figure 5.6) shows a similar trend to the one from the St. Bees sample number 1. 
Permeability rapidly increased from the initial value of 19.79 mD as brine was 
produced. Of the 11.23 g of brine collected in the water trap, more than 90 % was 
produced during the first two hours. Permeability continued to increase, although at a 
slower pace, even once brine production ceased as vapourisation occurred. Finally, it 
stabilised at a value of around 170 mD. At the end of the experiment, 6.61 g of water 
was collected in the vapour trap.  
 
Figure 5.6:  Permeability evolution during the first vapourisation experiment at atmospheric 
conditions on the St. Bees sample n. 2. 
0
20
40
60
80
100
120
140
160
180
200
0 5 10 15 20 25 30 35
G
as
 p
er
m
ea
bi
lit
y 
(m
D)
Time (hours)
 Experimental Investigation into Salt Precipitation during CO2 Injection in Saline Aquifers	
121 
Post-flooding petrophysical data indicates a porosity decrease from 20.73 % to 19.92 
% and permeability decrease 12.71 %, from 205.32 mD to 179.23 mD. Comparing 
this data with those obtained from the St. Bees sample n. 1, which was saturated with 
a higher salinity brine, it can be noted that the lower salinity brine resulted in a 
smaller change both in porosity and permeability. Injection of 600 cm3 of fresh water, 
corresponding to around 35 PV, was shown to be extremely effective with porosity 
and permeability after the water flooding shown to be higher than the original values, 
at 20.76 % and 214.63 mD, respectively. 
Figure 5.7 shows the evolution of effective permeability during the second 
vapourisation test on the St. Bees sample number 2. Injection of CO2 was carried out 
for more than 70 hours at a constant rate of 250 cm3/min, at the end of which the core 
sample was found to be completely dry. Similar to the previous test, effective 
permeability increased from a starting value close to 20 mD, but at the end of the 
experiment it stabilised at a lower value, around 125 mD. The water trap provided 
10.14 g of brine, while 9.12 g of water were collected in the vapour trap. 
 
Figure 5.7:  Permeability evolution during the second vapourisation experiment at 
atmospheric conditions on the St. Bees sample n. 2. 
Following the second vapourisation test, porosity decreased to 19.97 % and 
permeability decreased by 32.09 % to 145.90 mD. Fresh water was injected for a 
second time through the sample to restore the damage caused by salt precipitation, 
resulting in an increase of porosity to approximately the initial value and an increase 
in permeability to 194.40 mD, at 94.63 % of the initial permeability value. 
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Figures 5.8 and 5.9 summarise the changes in porosity and permeability observed 
during the experiments on the St. Bees sample number 2. It is interesting to note that 
the two vapourisation tests conducted on St Bees Sandstone samples produced 
practically the same porosity variation but with a significantly different impact on 
permeability. In fact, following the first test, permeability declined by 12.71 %, 
whereas after the second test, it decreased by 32.09 %. 
 
Figure 5.8: Porosity changes after tests on St. Bees sample n. 2 at atmospheric conditions. 
 
Figure 5.9: Permeability changes after tests on St. Bees sample n. 2 at atmospheric 
conditions. 
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25.15 cm3. The initial permeability was 1.81 mD, measured at atmospheric conditions 
using N2 with the steady state method. 
Figure 5.10 shows the evolution of effective permeability (k x kr) during the CO2 
flooding test. CO2 flow rate was around 200 cm3/min throughout the entire test. 
Initially, due to multiphase flow effects, the effective permeability was as low as 0.32 
mD. As observed in the previous tests with the sandstone sample, permeability was 
expected to eventually stabilise on a plateau as the drying process continued. Instead, 
after around 23 hours of CO2 injection, it was found to decrease. From that point, 
effective permeability continued to decline to the value of 0.30 mD until the CO2 
flooding was ceased. 
 
 
Figure 5.10:  Permeability evolution during the vapourisation experiment at atmospheric 
conditions on the Guiting limestone sample. 
Such behaviour was initially explained as an effect of capillary forces. In fact, as 
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fact, vapourised on the grooves of the platen and inside the tubes downstream of the 
flow cell leading to an accumulation of salt in those elements. As Figure 5.11 
illustrates, the phenomenon was clearly visible after the test once the flow cell was 
opened. All the tubing and the elements of the Hassler cell were cleaned from the salt 
flushing fresh water and allowed to dry out before commencing another test.  
 
Figure 5.11: Salt precipitation on the platen downstream the core sample. 
Following the injection of almost 20,000 pore volumes of CO2, 12.94 g of brine was 
collected in the water trap and 6.12 g of water was accumulated in the vapour trap. 
However, the core still contained some water after the flooding experiments. After 
drying, the Guiting Limestone sample revealed deposition of large crystals of salt 
(Figure 5.12). 
 
Figure 5.12:  Salt crystals on the Guiting core after the vapourisation test performed at 
atmospheric conditions. 
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Porosity measurements show a reduction of porosity, from 29.45 % to 28.52 %. 
Permeability post-flooding decreased more than 45 %, from 1.82 mD to 9.83 x 10-1 
mD. Also in this case, injection of fresh water as remediation strategy was tested 
flushing the altered sample with 600 cm3 of water, corresponding of around 24 PV. 
Since the core was mainly composed of highly soluble minerals, in order to avoid 
unwanted dissolution, the water was chemically equilibrated with the Guiting 
minerals before the flooding. After the water flooding, the core was dried in the oven 
and the petrophysical properties measured again. Results indicate that porosity was 
fully restored and permeability increased 84 % above the initial value.  Figures 5.13 
and 5.14 resume respectively the changes in porosity and permeability observed 
during the experiments on the Guiting Limestone sample. 
 
Figure 5.13:  Permeability changes after the tests on the Guiting sample at atmospheric 
conditions. 
 
Figure 5.14:  Permeability changes after the tests on the Guiting sample at atmospheric 
conditions. 
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The last set of experiments was conducted on a St. Bees core sample (St. Bees n. 3). 
The core was 75.00 mm in length and 36.30 mm in diameter. Initial rock porosity was 
20.03 % which corresponds to a pore volume (PV) of 15.55 cm3. The initial gas 
permeability was 109.59 mD. 
The sample was subjected to two cycles of NaCl brine saturation and dry CO2 
flooding. This test was carried out in order to obtain a greater level of alteration which 
can be representative of areas of the aquifers where, due to the effect of capillary 
forces, salt precipitation is dramatic. Saturation of the sample was performed with a 
360 g/l NaCl brine, i.e. fully saturated. It is important to note that brine fully saturated 
with NaCl was specifically chosen in order to avoid, during the second saturation 
step, the dissolution of the salt previously precipitated. 
The first vapourisation test was conducted injecting dry CO2 at a flow rate of around 
250 cm3/min for 50 hours. The evolution of effective permeability during the flooding 
(Figure 5.15) shows a similar trend to the one from the Guiting Limestone sample. 
Initially, permeability rapidly increased from the 3.97 mD as brine was produced. 
Later on, permeability underwent a progressive decline until it stabilised around a 
value of 1.40 mD towards the end of the test. Similar to the test using the Guiting 
Limestone, the decrease in effective permeability has to be attributed mainly to 
plugging of the tubing downstream of the flow cell.  
 
Figure 5.15:  Permeability evolution during the first vapourisation experiment at atmospheric 
conditions on the St. Bees sample n. 3. 
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Figure 5.16 presents the production curves obtained in this vapourisation test. In the 
graph the x-axis represents the drying time and the y-axis represents the amount of 
brine collected in the water trap, the vapour trapped and the total production. Most of 
the brine was produced during the first few hours of injection. Vapour was produced 
faster at the beginning and, as the injection continued, the vapour production rate 
decreased. To ensure dryness of the sample due to the CO2 flooding, the experiment 
was continued until the weight of the vapour trap remained constant or slightly 
decreased for two consecutive measurements. At the end of the test, 8.75 g were 
collected in the water trap and 9.63 g in the vapour trap. 
 
Figure 5.16:  Production curves during the first vapourisation test at atmospheric conditions 
on the St. Bees sample n. 3. 
The porosity data indicates a reduction of the void space, from 20.03 % to 19.11 %. 
Permeability post-flooding showed a decrease of 38.58 %, from 109.59 mD to 67.31 
mD. After the petrophysical analysis, the sample was saturated again with brine and 
subjected to another vapourisation test. 
Figure 5.17 shows the evolution of effective permeability during the second 
vapourisation test on the St. Bees sample number 3. Injection of CO2 was carried out 
for almost 70 hours at a constant rate of 250 cm3/min, at the end of which the core 
sample was found to be completely dried out. Similarly to the previous test, effective 
permeability initially increased and then it declined due to the plugging downstream 
of the flow cell.  
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Figure 5.17:  Permeability evolution during the second vapourisation experiment at 
atmospheric conditions on the St. Bees sample n. 3. 
The production curves obtained during the second vapourisation test (Figure 5.18) 
show similar trends to what was observed in the previous test. At the conclusion of 
the flooding, 8.88 g of brine were collected in the water trap and 9.48 g in the vapour 
trap. 
 
Figure 5.18:  Production curves during the second vapourisation test at atmospheric 
conditions on the St. Bees sample n. 3. 
Following the second vapourisation test, porosity decreased further by around 0.90 % 
from the intermediate 19.11 % to 18.20 % and the permeability decreased by 72.86 % 
from 67.31 mD to 18.27 mD, i.e. to a level of only 16.67 % of the initial permeability 
value measured before the experiments. 
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The results from ICP-AES analysis of the brines produced during both vapourisation 
tests are illustrated in Table 5.2.  
Table 5.2:  ICP-AES analysis of the produced brine during the vapourisation experiment 
with the St. Bees core sample n. 3. 
Element Units 
First test Second test 
Sample 
1 
Sample 
2 
Sample 
1 
Sample 
2 
Silver (Ag) mg/l 0.125 0.115 0.065 0.095 
Aluminium (Al) mg/l <0.2 <0.2 <0.2 <0.2 
Arsenic (As) mg/l 0.30 0.25 0.25 0.30 
Barium (Ba) mg/l 0.325 0.475 0.200 0.525 
Calcium (Ca) mg/l 550.0 372.2 164.2 213.0 
Cadmium (Cd) mg/l <0.01 0.032 0.067 0.122 
Cobalt (Co) mg/l <0.01 <0.01 0.015 0.020 
Chromium (Cr) mg/l 0.015 0.010 0.015 0.040 
Copper (Cu) mg/l 0.075 0.105 0.125 0.135 
Iron (Fe) mg/l <0.50 0.50 3.75 1.75 
Potassium (K) mg/l 1,809 1,437 1,195 1,030 
Magnesium (Mg) mg/l 52.10 41.55 23.60 26.80 
Manganese (Mn) mg/l 0.775 2.475 1.500 12.18 
Sodium (Na) g/l 81.8 82.9 80.6 79.9 
Nickel (Ni) mg/l 0.10 0.19 0.21 0.55 
Phosphorous (P) mg/l <0.2 <0.2 0.4 <0.2 
Strontium (Sr) mg/l 0.525 0.475 0.35 0.50 
Titanium (Ti) mg/l 0.075 <0.01 0.705 0.03 
Zinc (Zn) mg/l 0.585 0.855 0.765 2.035 
 
The major cation found in the water samples was Na (around 80 g/l associated with 
the dissolved NaCl during the preparation of the brines. The other elements found in 
the samples were due to dissolution of minerals caused by the increase of acidity 
when the injected CO2 dissolves into the brine forming carbonic acid. These were in 
small amounts, therefore, no change in porosity or permeability is expected to derive 
from geochemical reactions. These measures confirm the assumption that the changes 
in petrophysical properties of the cores following the vapourisation tests come 
entirely from precipitation of salt. Apart from Na, the other elements present in larger 
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concentrations are Ca (164.2 – 550.0 mg/l) and K (1,030 – 1,809 mg/l). These can be 
attributed to dissolution of carbonate material. In fact, carbonates are commonly 
present in sandstones, usually as pore filling and replacement cements consolidating 
the grains of sand.  
Figure 5.19 shows a photograph of the St. Bees sample n. 3 after the two consecutive 
vapourisation experiments. Large deposition of salt can be observed on the face of the 
core. 
 
Figure 5.19:  Halite scaling on the St. Bees sample 3 after the vapourisation tests performed 
at atmospheric conditions. 
Figures 5.20 and 5.21 summarise, respectively, the changes in porosity and 
permeability observed during the experiments on the St. Bees n. 3 sample. 
 
Figure 5.20:  Porosity change due to salt precipitation during the vapourisation experiment 
on the St. Bees sample 3. 
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Figure 5.21:  Permeability change due to salt precipitation during the vapourisation 
experiment on St. Bees sample 3. 
The average porosity and permeability values measured after each vapourisation test 
can be used to establish a relationship between these properties due to the effect of 
salt precipitation. In this study, the experimental data is compared to the “tube-in-
series” model formulated by Verma and Pruess (1988). This alteration model is used 
in TOUGH2/ECO2N in the form: 
݇/݇଴ ൌ ݂ሺΦ/Φ଴;φ୰; Γሻ                                                                        (5.1) 
where φr is the fraction of original porosity at which permeability is reduced to zero 
and Γ is an adjustable parameter (see Appendix C for further details). 
The results are presented in Figure 5.22. Here, the x-axis is the relative change in 
porosity (Φ/Φ0) and the y-axis is the relative change in permeability (k/k0). The points 
represent the experimental data derived from the four samples tested. Depending on 
brine composition, porosity values after a vapourisation test ranged from  96 - 97 % 
(experiments on St. Bees sample number 2 and the Guiting sample with 240 g/l NaCl 
brine) to 94 -95 % of the initial porosity (experiments on St. Bees sample number 1 
and number 3 with 360 g/l NaCl brine). The relative change in permeability was of 
the same order of magnitude for all the tests ranging from 87 to 53 % of the initial 
value.  
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Figure 5.22:  Permeability and porosity changes due to salt precipitation during CO2 
vapourisation tests at atmospheric conditions. 
The great relative permeability change measured for the Guiting limestone can be 
attributed to both the higher initial porosity and lower permeability of the sample. A 
higher porosity, in fact, corresponds to a greater potential for salt deposition inside the 
core due to the larger surface area exposed. A lower permeability may mean either 
high tortuosity and/or closed pore throats, where even the smaller deposition can 
significantly affect permeability. This assumption seems to find confirmation when 
comparing the results from the St. Bees sample number 1 and number 3, which were 
saturated with the same brine. The St. Bees sample number 3, which had the lower 
initial permeability, was subjected to the higher relative change in permeability. 
However, another study (Peysson et al., 2010) suggests that the damage from salt 
deposition depends only marginally on rock type and initial permeability. More 
research is, therefore, required to verify the dependence of salt alteration on the initial 
petrophysical properties and rock type.   
The blue line is a Verma-Pruess curve which best fits the experimental data from the 
tests conducted on the St. Bees sample number 3. The alteration model proposed here 
has to be considered as an approximation since it uses average values and therefore 
would be entirely correct only in case of homogeneous salt deposition. However, as 
already extensively explained, salt might precipitate non-uniformly inside the core 
and, therefore, locally the porosity/permeability relationship might differ 
substantially. 3D μCT images from similar flooding experiments (Ott et al., 2010) 
indicate that salt precipitation mostly occur in the vicinity of the CO2 percolation 
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pathways. This suggests that capillary-driven cross-sectional water transport from 
water saturated areas into the high permeability CO2 channels occurs in addition to 
longitudinal water transport. 
It is important to note that salt precipitation patterns obtained from drying the sample 
partially in an oven might differ from drying it completely through a gas stream. In 
fact, before any crystallization occurs, the ions inside the porous medium might 
distribute in a different way during drying and, once crystallization occurs, formation 
of the salt crystals might happen differentially. However, since for all the tests the 
cores were abundantly flooded with gas and brine was no longer collected in the water 
trap, it is sufficiently fair to conclude that the liquid remaining in the samples at the 
end of each experiment corresponded to the fraction of irreducible water with very 
low mobility. Therefore, salt precipitation is expected to occur in similar places, in the 
vicinity of the CO2 percolation pathways, eventually producing similar porosity and 
permeability impairments in both scenarios. Much different would be the case of a 
sample fully saturated with brine and completely dried in a oven, as shown in the 
study of Peysson et al. (2010). In their work, a Vosges sandstone plug was saturated 
with potassium iodide (KI 80 g/l) and dried in an oven only with the upper face free. 
3D CT-scan observations revealed that salt precipitation occurred just in a small area 
underneath the sample evaporating surface. In fact, as recently outlined in some 
theoretical studies on salt precipitation in water wet rocks (Guglielmini et al., 2008; 
Huinink et al., 2002), capillary flows have potential to pull mobile water to the 
evaporating surface. This explains why in the experiments carried out by Peysson et 
al. (2010), brine moved longitudinally towards the evaporating surface causing 
accumulation of salt near the upper face of the core only. 
5.4 Experiments at Reservoir Conditions 
5.4.1 Experimental Apparatus and Procedures 
The vapourisation experiments at reservoir conditions were executed at the TU Delft 
WaterLab utilising a high pressure core flooding setup previously employed for tests 
on coal (Mazumder, 2007; van Hemert, 2009). Figure 5.23 illustrates a schematic 
diagram of the setup. The flow cell, where the rock sample was confined at around 12 
MPa inside a rubber sleeve, can accommodate samples of length from 150 mm up to 
500 mm, a maximum confining pressure of 20 MPa and a maximum temperature of 
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150°C. As indicated by previous studies, supercritical CO2 can diffuse through the 
rubber sleeve causing the rubber to swell and compromise the integrity of the sleeve. 
In order to prevent this, the core sample was wrapped with aluminium foil and a 0.2 
mm lead foil. Reservoir conditions were simulated by maintaining the temperature 
and pressure inside the cell at ~45°C and 8 MPa. Temperature was controlled using 
three thermocouples which were used to measure temperatures at the inlet of the flow 
cell and above and below the core inside the pressure cell. Sieperm plates with a 
porosity of 33% and a permeability of about 1 Darcy were fixed at both ends of the 
core in order to avoid mechanical end effects and poor flow distribution. 
 
Figure 5.23:  Schematic diagram of the high pressure core flooding setup used for the 
vapourisation experiments at reservoir conditions. 
Following the direction of fluid flow, the high pressure rig consists of the following 
peripheral devices: 
1. A booster pump connected to the CO2 cylinder. The booster pump is used to 
supply CO2 at the desired pressure. For these experiments, dry CO2 at a purity 
level of 99.995 % was employed. 
2. A 260D ISCO TM plunger syringe pump was used in “pressure mode” to 
stabilise the injection pressure. This solution was not fully satisfactory because 
it was not possible to guarantee a precise control of the injection pressure or 
flow rate. This problem was resolved by replacing the single syringe pump 
with a 260 ISCO-D series dual pump system. This couples two 260D pump 
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modules to a single controller, and uses an active air valve system to provide 
pulseless, continuous feed of almost any fluid with an accuracy of 0.5 % a 
given setpoint. The controller refills one pump while the other is delivering. 
Using this system, it was possible to provide a continuous flow of CO2 
through the core sample. The pump employed for the injection was also used 
to saturate the core with brine and to measure its permeability before and after 
the vapourisation tests. CO2 was heated to a temperature of ~45oC inside the 
pumps and through the pipes connecting it to the flow cell in order to perform 
the injection into the core at supercritical conditions. 
3. Two pressure transducers (marked as P) and a differential pressure gauge 
(marked as ∆P) were used to monitor the pressure drop across the core during 
the vapourisation tests and for the calculation of the Darcy permeability 
afterwards.  
4. A back pressure valve controlled the flow out at the production end. The back 
pressure valve was heated to a temperature of around 25°C to contrast the 
Joule Thompson cooling effect that CO2 experiences when it is decompressed 
from the pressure of 8 MPa in the flow cell to the atmospheric pressure. 
5. A liquid trap and a vapour trap were placed in sequence downstream the back 
pressure valve to respectively capture and quantify the liquid brine displaced 
and the water vapour present in the flowing gas due to evaporation. 
6. An AcatarisTM water clock flowmeter was used at the end of the line to 
measure the CO2 leaving the system. This analog flowmeter has an accuracy 
of 1.67 x 10-3 cm3/min. Considering the temperature and pressure conditions 
inside the reactor, data from the flow meter could be used to calculate the 
volume of supercritical CO2 flushing the cores. The density of CO2 at the 
simulated reservoir conditions (Figure 5.24) was calculated using the equation 
of state by Span and Wagner (1996). 
7. The operation panel, data-acquisition system and safety devices which were 
installed in the control room. 
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Figure 5.24: Density of supercritical CO2 at 45 oC and pressure ranging from 8 to 9 MPa. 
The same procedure used during the experiments executed at atmospheric conditions 
was employed for these tests in order to subject the sample to several levels of 
porosity/permeability alteration and obtain a good characterisation of the sample 
before and after each alteration-step:  
1. initial petrophysical characterisation; 
2. saturation with fully saturated NaCl brine (360 g/l); 
3. water vapourisation through dry supercritical CO2 flooding; 
4. post flood permeability and porosity measurements. 
The brine captured in the water trap was analysed using the Inductively Coupled 
Plasma Atomic Emission Spectroscopy (ICP-AES) technique to evaluate and quantify 
the rock/fluid interactions taking place. A detailed petrophysical characterisation of 
the core was carried after the flooding test in order to quantify the impact of salt 
precipitation on its petrophysical properties. Changes from the initial porosity value 
were assessed by attributing the increase of weight of the core to precipitation of salt 
and verified through chemical analysis. Permeability was always measured using CO2 
with the steady state method at the same thermodynamic conditions of the 
vapourisation tests (45oC, 8 MPa). Similarly to the experiments conducted at 
atmospheric conditions, following each vapourisation test the samples were 
completely dried in an oven prior to measuring permeability and porosity. This was 
done to ensure that the measured petrophysical characteristics were assessed at the 
same dry conditions for all the tests. 
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5.4.1.1 Wet Porosity Measurement Setup  
In the experiments performed at the TU Delft, the initial porosity of the samples was 
measured with a “wet method” but following a different operating principle than the 
one used for the low pressure/temperature vapourisation experiments conducted at the 
Imperial College. In fact, these “wet” porosity measurements were based on 
Archimede’s law and porosity was indirectly calculated from the grain volume rather 
than from the void space. The setup used mainly consisted of two desiccators, coupled 
with a vacuum pump (Figure 5.25). A balance, capable of weighting samples hanging 
from a cable connected on the base of the instrument, was also used. The sample to be 
measured is placed inside of one of the desiccators (desiccator 1) while the other 
(desiccator 2) is half-filled with demineralised water. First, a vacuum of around 
100,000 Pa (1 bar) is applied for around 30 minutes to both the desiccators by using 
the vacuum pump. Then, water is pushed from desiccator 2 into desiccator 1 in order 
to saturate the core.  
 
Figure 5.25: Schematic of the wet porosity setup used for the initial porosity characterisation 
After saturation, the core is weighted without lifting it out of the water, hanging under 
the balance. By doing so, the weight of core minus the weight of the volume of water 
displaced by the core (which is equal to the grain volume) is measured. Therefore the 
porosity can be calculated as follows: 






Lb
WD
V
MM
1       (5.2) 
where: 
Φ = porosity of the core, fraction. 
 MD = weight of the dry core, kg. 
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 MW = weight of the core established under the water, kg. 
 Vb = bulk volume of the core, m3. 
 ρL= density of the fluid used, kg/m3 (1000 kg/m3 for water). 
The specific weight of the core ρc (kg/m3) can also be given with the following 
equation: 
L
W
D
c M
M  


        (5.3) 
Measuring the weight of the core immersed in water avoids the drainage of air inside 
the sample. In principle, therefore, this method is extremely reliable. However, the 
experiments performed have the limitation that the saturation is performed only at 
atmospheric pressure. An enhancement of the results would be obtained by saturating 
the cores applying an overpressure in order to force water in even the smallest pores. 
5.4.2 Guiting Limestone Vapourisation Experiments  
The first vapourisation test at reservoir conditions was conducted on a Guiting 
Limestone core. The core sample used was exactly 150.63 mm in length and 67.78 
mm in diameter. The initial rock porosity was 30.38% which gives a pore volume 
(PV) of approximately 165 cm3. The initial permeability was 1.04 mD, measured 
using CO2 with the steady state method at the same thermodynamic conditions used 
afterwards for the vapourisation experiments (45oC, 8 MPa). For this test, a fully 
saturated NaCl brine was used. 
Figure 5.26 shows the data recorded during the test measuring the confining pressure, 
injection pressure, production pressure and the flow rate of the CO2 leaving the 
system. As it can be seen in the graph, the flow rate was fairly unstable. This was due 
to the injection system initially used and the imperfect functioning of the back 
pressure valve which allowed some pressure fluctuations. The injection system was 
significantly improved in the last test using the dual ISCO pump system. The 
behaviour of the back pressure valve appeared to worsen due to the Joule-Thomson 
cooling effect, which the produced fluids were subjected to. In fact, passing from 
around 8 MPa to atmospheric pressure, the stream of CO2 cooled down considerably, 
reaching temperatures even lower than 0 oC, and compromising the correct 
functioning of the valve. Figure 5.27 shows ice forming at the outlet of the back 
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pressure valve due to Joule-Thomson cooling effect. In order to remediate to the 
effects of cooling, during the following tests the back pressure valve was wrapped 
with heating wires, which kept the temperature at 25 oC, and were further covered 
with insulating material. 
 
Figure 5.26:  Measured annular, injection and production pressure and flow rate during the 
vapourisation test on the Guiting Limestone sample. 
 
Figure 5.27:  Ice formed at the outlet of the back pressure valve due to the great temperature 
reduction in the CO2 stream and the Joule-Thomson cooling effect. 
In this first test, more than 15 PV of supercritical CO2 were injected with an average 
flow rate of about 5 ml/min during which 83.24 g of brine were produced and 5.23 g 
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of vapour were collected in the vapour trap. Results from ICP-AES analysis on the 
produced brine are illustrated in Table 5.3.  
Table 5.3:  ICP-AES analysis of the produced brine during the vapourisation experiment 
with the Guiting Limestone 
Element Units Sample 1 Sample 2 
Silver (Ag) mg/l <0.05 <0.05 
Aluminium (Al) mg/l 0.72 0.36 
Arsenic (As) mg/l <0.05 <0.05 
Barium (Ba) mg/l 10.6 8.37 
Calcium (Ca) g/l 2.18 1.88 
Cadmium (Cd) mg/l <0.01 <0.01 
Cobalt (Co) mg/l 0.13 <0.05 
Chromium (Cr) mg/l <0.05 <0.05 
Copper (Cu) mg/l 0.16 <0.05 
Iron (Fe) mg/l 2.58 0.14 
Potassium (K) g/l 0.092 0.083 
Magnesium (Mg) mg/l 0.026 0.035 
Manganese (Mn) mg/l 0.48 0.17 
Sodium (Na) g/l 96.2 99.0 
Nickel (Ni) mg/l <0.5 <0.5 
Phosphorous (P) mg/l <0.05 <0.05 
Strontium (Sr) mg/l 4.21 4.34 
Titanium (Ti) mg/l <0.05 <0.05 
Zinc (Zn) mg/l 3.64 0.76 
 
The samples were diluted 10, 100, 1000 and 2000 times in 0.5 M nitric acid. The 
concentrations of the 19 elements analysed were not corrected for a possible salt 
effect of the sodium chloride. As expected, the major element detected in the water 
samples was Na (more than 90 g/l) associated with the dissolved NaCl during the 
preparation of the brines. This value is similar to the Na concentration indicated in 
Table 5.2 illustrating the results of the experiments at atmospheric conditions, as for 
the two different sets of experiments the same brine composition has been used.  Also 
in this analysis, the other elements in the water samples were found in small 
quantities. Therefore, as for the experiments at reservoir conditions, no change in 
porosity or permeability is attributed to geochemical reactions. Apart from Na, the 
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element present in larger concentrations is Ca, which can be attributed to dissolution 
of calcite. Comparing with the previous ICP-AES analysis, Ca is present in larger 
amounts. This is mainly due to the fact that working at atmospheric conditions CO2 is 
more soluble in the water and more calcite can dissolve.  
On the whole, this analysis suggest that, differently from what is reported in several 
publications, geochemical reactions in the near wellbore area might be somehow 
limited. This result is in line with the simulation data from André et al. (2007), which 
show high reactivity and damage from injection of CO2-saturated water but, on the 
contrary, weak reactivity and limited well injectivity modification from supercritical 
CO2 injection. Differently from previous experiments reported in the literature 
(Egermann et al., 2005a; Grigg and Svec, 2003; Izgec and Demiral, 2005; Izgec et al., 
2006; Izgec et al., 2005; Izgec et al., 2008; Ross et al., 1982; Sayegh et al., 1990; 
Svec and Grigg, 2001) where carbonated brine or a CO2-brine two phase stream was 
injected in limestone samples, in this study no sign of dissolutions such as wormholes 
were observed following the CO2 flooding. It is thought that in these earlier studies 
the impact of geochemical reactions in the wellbore area might be overestimated since 
the reactive potential of carbonated brine or a CO2-brine two phase stream is 
significantly higher than that of pure CO2. In the first case, there is a continuous 
supply of water as well as CO2 and dissolution is significant through all the porous 
medium for all the duration of the tests, whereas in the second case, CO2 has to firstly 
dissolve into the aqueous solution increasing water acidity to release its dissolution 
potential. Most of the brine is quickly displaced at the beginning of the injection 
allowing limited time for reactions. CO2 can chemically interact only with a small 
portion of brine, corresponding almost entirely to the irreducible water saturation.  
At the end of the test, the core was found to retain a large amount of brine. Figures 
5.28 and 5.29 show the results from petrophysical characterisation carried out before 
and after the CO2 flooding. Porosity measurements show a considerable reduction of 
the pore volume, from 30.38 % to 27.55 %. Permeability post-flooding decreased by 
about 75%, from 1.04 mD to 0.273 mD. 
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Figure 5.28:  Porosity change due to salt precipitation during the vapourisation experiment 
on the Guiting limestone sample at reservoir conditions. 
 
Figure 5.29:  Permeability change due to salt precipitation during the vapourisation 
experiment on the Guiting limestone sample at reservoir conditions. 
The core was analysed using a micro CT-scan to observe the precipitated halite 
crystals. As a comparison, CT-scan images were taken also on a dry clean Guiting 
Limestone core without CO2 exposure. Unfortunately, due to the great size of the 
sample, the images resulted in low resolution. In fact, the imaging resolution is 
proportional to the size of the sample investigated. No information could, therefore, 
be drawn from these analyses.  
For future experiments, the use of a smaller core sample would resolve the problem in 
the first place. Moreover, utilising a core which is small in cross section and volume 
would have the additional benefit to reduce the experimental time required to reach 
complete dry-out (Ott et al., 2010). 
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Alternatively, halite precipitation was evaluated analysing microscopic images 
obtained through the entire length of the core. In order to do that, the sample was 
divided mechanically and high resolution images were taken at the most interesting 
areas, which are near the injection side and production side. Figures 5.30 and 5.31 
show overview images of the entire broken core, with markings where the high 
resolution images were taken. Four photographs of about 1 cm2 (1 x 10-4 m2), with 
magnification of 13x and compensation for varying depths, were taken on the 
injection side and five similar photographs were taken on the production side. On both 
sides of the core, an extra high magnification image (41x) of about 0.2 cm2 (1 x 10-5 
m2) was taken to observe further details. 
 
Figure 5.30:  Overview image of the Guiting core with markings in the areas close to the 
injection side on the spots where the microscopic images were taken. 
 
Figure 5.31:  Overview image of the Guiting core with markings in the areas close to the 
production side on the spots where the microscopic images were taken. 
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Figure 5.32:  Microscopic image of the area L1 on the Guiting limestone core in the 
proximity of the injection face. 
 
Figure 5.33:  Microscopic image of the area R1 on the Guiting limestone core in the 
proximity of the injection face. 
Observing the microscopic images in Figures 5.32 – 5.33 (See Appendix C for the full 
set of images), it is possible to see that all pores are covered with a whitish material, 
salt. It is not obvious to observe a significant variation in salt coverage either, between 
the pictures at each side of the core but also between two sides. This suggests that salt 
may have precipitated in an almost uniform manner throughout the entire length of 
the sample. 
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5.4.3 St. Bees Sandstone Vapourisation Experiments  
The following experiments were executed on a red St. Bees Sandstone core. The core 
sample analysed was 152.10 mm in length and 68.78 mm in diameter. The initial rock 
porosity was 22.59% which gives a pore volume (PV) of around 124 cm3. Initial 
permeability was calculated as 7.78 mD, measured using CO2 with the steady state 
method at the same thermodynamic conditions used afterwards for the vapourisation 
experiments (45oC, 8 MPa). 
In order to obtain different levels of porosity and permeability changes, which would 
yield a relationship between the porosity reductions due to precipitation of salt and the 
corresponding changes in permeability, the sample was subjected to 4 consecutive 
cycles of NaCl brine saturation and dry CO2 flooding. It is important to note that, also 
for this set of experiments, brine fully saturated with NaCl was chosen for the 
saturation steps in order to avoid dissolution of the salt precipitated during the 
preceding drying steps. Figure 5.34 shows the measured annular, injection and 
production pressure and flow rate recorded during the four vapourisation tests 
conducted on the St. Bees Sandstone sample at reservoir conditions. 
Figure 5.35 presents the typical production curves obtained in this study. This 
particular set represents the second vapourisation test. In the graph the x-axis 
represents the drying time and the y-axis represents the amount of brine collected in 
the water trap, the vapour trapped and the total production. Most of the brine is 
produced following the first few pore volumes of fluid injection. Vapour is produced 
quickly at the beginning and, as the injection continues, the vapour production rate is 
reduced. It should be noted that this work does not aim to precisely evaluate the 
vapourisation rate of water. A number of uncertainties are due to observed 
instabilities in the CO2 injection flow rate and to the effect of the depressurisation 
obtained after the back pressure valve, which was placed downstream of the water and 
vapour traps.  Regarding the latter, when CO2 passes through the back pressure valve, 
pressure falls from around 8 MPa to atmospheric pressure increasing the fluid volume 
more than 100 times. The gas flow rates entering the traps are therefore significantly 
high. Due to these high flow rates, part of the produced brine could go through the 
water trap carried by the gas stream in a nebulised form into the vapour trap.  
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(a) First vapourisation test                                       (b) Second vapourisation test                                       
 
(c) Third vapourisation test                                     (d) Fourth vapourisation test                                       
Figure 5.34:  Measurements of annular, injection and production pressure and flow rate during the vapourisation tests on the St. Bees Sandstone sample.
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This effect, which is considered to be more severe at the beginning of the tests when 
large amount of brine is displaced from the core, overestimates the vapourisation of 
water. On the other hand, again because of the depressurisation inside the back pressure 
valve, the temperature of the fluids decrease considerably and part of the water 
vapourised inside the core can condense before entering the traps. Differently from the 
previous effect, this would underestimate the vapourisation of water. Because of the 
reasons explained above, the results presented here are only intended to give an 
indication of the vapourisation process rather than a precise estimation of the vapour 
and liquid fractions produced during the experiments. These problems could have been 
resolved by executing the phase separation at high pressure and temperature, however, 
this solution would have made the design of the water and vapour traps much more 
complex. 
 
Figure 5.35: Production curves during the second flooding test. 
The vapourisation process initiated halite scaling in the porous media causing porosity 
and permeability reductions. Figure 5.36 presents images of the St. Bees core after the 
first and last vapourisation tests respectively.  Heavy halite scaling could be seen on the 
faces of the core after the first vapourisation test. Continuous increase of salt 
precipitation was observed after each flooding experiment. As Figure 5.36 illustrates, 
the face of the core was completely covered with salt after the last vapourisation step. 
During the experiments, salt crystals were also observed inside the pipes and on the 
Sieperm plates at both ends of the core. 
0
10
20
30
40
50
60
70
80
90
0 2 4 6 8 10 12 14 16 18
Pr
od
uc
tio
n 
W
ei
gh
t (
g)
Time (hours)
Total production
Vapourproduction
Brine production
 Experimental Investigation into Salt Precipitation during CO2 Injection in Saline Aquifers	
	
148 
   (a)      (b) 
Figure 5.36:  Salt precipitation levels after the first (a) and last vapourisation steps (b). 
Table 5.4:  ICP-AES analysis of the produced brine during the vapourisation experiment on 
the St. Bees sandstone. 
Element Units 1st test 2nd test 3rd test 4th test 
Silver (Ag) mg/l <0.05 <0.05 <0.05 <0.05 
Aluminium (Al) mg/l 3.73 65.4 2.13 13.9 
Arsenic (As) mg/l <0.05 <0.05 <0.05 <0.05 
Barium (Ba) mg/l 13.6 19.1 13.9 14.4 
Calcium (Ca) g/l 7.51 0.603 0.185 0.204 
Cadmium (Cd) mg/l <0.01 <0.01 <0.01 <0.01 
Cobalt (Co) mg/l <0.05 0.15 <0.05 <0.05 
Chromium (Cr) mg/l 0.35 0.25 <0.2 <0.2 
Copper (Cu) mg/l 0.15 0.54 10.4 5.79 
Iron (Fe) mg/l 5.02 6.51 2.81 1.42 
Potassium (K) g/l 0.904 1.02 0.727 0.495 
Magnesium (Mg) mg/l 1.11 0.104 53.2 47.3 
Manganese (Mn) mg/l 26.0 85.9 38.4 105 
Sodium (Na) g/l 88.3 99.0 88.9 86.1 
Nickel (Ni) mg/l 0.78 1.02 <0.05 <0.05 
Phosphorous (P) mg/l <0.05 <0.05 5.00 3.00 
Strontium (Sr) mg/l 12.0 1.36 1.22 0.78 
Titanium (Ti) mg/l <0.05 <0.05 <0.05 <0.05 
Zinc (Zn) mg/l 6.01 18.1 10.1 12.2 
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Table 5.4 presents the results of the ICP-AES analysis of the brines produced during the 
experiments. As for the previous analysis (Table 5.3 and Table 5.2), the results indicate 
that the produced waters contained a large amount of NaCl and only small concentration 
of other elements.  Similarly to the analysis performed on the produced brine from the 
St. Bees core treated at atmospheric conditions (Table 5.2), other cations present in 
larger concentrations are Ca and K. As already explained, these can be due to 
dissolution of carbonate material contained in the sandstone rock.  
Figures 5.37 and 5.38 illustrate, respectively, the changes in porosity and permeability 
caused by precipitation of salt during the experiments. Porosity decreased 1-2 
percentage points in each vapourisation step, from the initial value of 22.59 % to 16.02 
% after the last vapourisation test. Each change in porosity was accompanied by 
impairment in permeability which ranged from 18 to 60 %. Overall, the permeability 
reduction was around 86% of the initial value, from 7.78 mD going down to 1.07 mD. 
Table 5.5 summarises the measurements of porosity and permeability. 
Table 5.5: Summary of porosity and permeability measurements on the St. Bees Sandstone 
core. 
 
Porosity (%) 
Porosity 
reduction 
(%) 
Permeability 
(mD) 
Permeability 
reduction 
(%) 
Initial sample charateristics 22.59 - 7.78 - 
After the first vapourisation test 21.58 4.47 5.39 30.72 
After the second vapourisation 
test 19.44 13.94 2.96 59.77 
After the third vapourisation test 18.27 19.12 2.57 66.97 
After the fourth vapourisation test 15.10 29.08 1.07 86.25 
 
 
Figure 5.37:  Changes in porosity due to salt precipitation during the vapourisation experiments 
at reservoir conditions on the St. Bees sandstone Sample. 
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Figure 5.38:  Changes in permeability due to salt precipitation during the vapourisation 
experiments at reservoir conditions on the St. Bees Sandstone sample. 
As for the earlier experiments, the petrophysical data obtained after each vapourisation 
test has been used to establish a relationship between changes in porosity and 
permeability due to the effects of salt deposition.  
Figure 5.39 presents the results of the relative changes in porosity (Φ/Φ0) and 
permeability (k/k0) measured following the experiments at reservoir conditions. 
Similarly to the experiments at atmospheric conditions, the test with the Guiting 
Limestone produced higher impairments in porosity and permeability compared to the 
St. Bees Sandstone. The blue line representing the Verma Pruess (1988) alteration 
model fits well with the experimental data from the St. Bees Sandstone. The calibrated 
model can be used to obtain more accurate results from numerical modelling. 
 
Figure 5.39:  The relationship between permeability and porosity illustrating the effect of salt 
precipitation on permeability during CO2 flooding. 
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As previously discussed (Ott et al., 2010), capillary driven forces can be responsible for 
salt accumulation from the brine saturated regions in the vicinity of the CO2 drainage 
pathways. Therefore, the shape, distribution, number of these pathways and the CO2 
saturation level combined have a direct influence on the salt precipitation pattern and 
ultimately on the final permeability. Recently, Shi et al. (2010), reporting supercritical 
CO2 flooding tests on a Tako sandstone core with simultaneous CT scanning, outlined 
that the CO2 saturation level is influenced by permeability and porosity heterogeneities, 
which reflect their dependence on capillary pressure. Moreover, they observed that 
higher flow rates increases the CO2 saturation level. Therefore, injection rates and the 
reservoir characteristics of rocks are likely to be critical parameters influencing the salt 
precipitation process. Further studies must investigate these issues. In future research, 
simultaneous CT-scanning can also be used to monitor the drying process and the 
precipitation pattern. In order to do that, a μCT-scan and a X-ray transparent flow cell 
need to be employed. In addition, the sample has to be of smaller size to allow a better 
imaging resolution. As previously mentioned, reducing the dimensions of the sample 
also offers the advantage of decreasing the experimental time required to completely dry 
out the treated sample. 
5.5 Conclusions 
Results from CO2 core flooding experiments carried out using limestone and sandstone 
samples at atmospheric pressure and temperature showed that deposition of salt can 
induce changes in porosity and significant reductions in absolute permeability: porosity 
reductions ranged from 3 to 5 % of the initial values, permeability reduced by 13 to 47 
%.  
However, it is important to note that, during the flooding, the greatest reduction in 
effective permeability was to be attributed to relative permeability effects rather than 
halite scaling. However, halite scaling still remains to be a critical phenomenon 
regarding CO2 injectivity. In fact, while relative permeability can be treated as a 
temporary effect, the alterations of petrophysical properties induced by salt deposition is 
permanent.  
Injection of fresh water as remediation strategy for halite scaling around the wellbore 
was also tested flushing the treated samples with deionised water. Petrophysical 
measurements indicated that the water injection strategy can be very effective in 
 Experimental Investigation into Salt Precipitation during CO2 Injection in Saline Aquifers	
	
152 
remediating the damage caused by halite scaling. In fact, porosity and permeability were 
fully restored to their initial values in most of the cases.  
The analysis of the results also highlights that increasing brine salinity, as it is 
predictable, amplifies precipitation and therefore porosity and permeability 
impairments. Finally, comparing the data from the experiments executed on the St. Bees 
and Guiting samples, it appears that the impacts on porosity and permeability can 
depend on the initial petrophysical properties of the rock, such as porosity, permeability, 
capillary pressure, tortuosity and heterogeneity. 
In the second part of this Chapter, the results of experiments at reservoir conditions 
were explained, which have confirmed that small reduction in porosity can induce 
significant impairments in permeability. Chemical analysis conducted on the produced 
brine indicated that geochemical reactions in the near wellbore region might be 
somehow limited.  
With the objective to establish a relationship between porosity and permeability changes 
describing the effect of salt precipitation, the St. Bees Sandstone sample used for the 
experiments at reservoir conditions was subjected to consecutive cycles of NaCl brine 
saturation and dry CO2 flooding. During the experiments, porosity decreased from the 
initial value of 22.59 % to 16.02 % after the fourth vapourisation test. Permeability 
decreased down to 86% of the original value, from 7.78 mD to 1.07 mD. Petrophysical 
data was used to calibrate a Verma-Pruess “tube-in-series” model.  
The permeability reduction model calibrated with the experimental data was used to 
obtain more accurate results from the numerical study presented in Chapter 6. The 
numerical simulations of Chapter 6 investigate the impact of the halite scaling process 
on injectivity and sealing performance through a sensitivity study investigating the role 
of  parameters such as injection rate, rock porosity and irreducible water saturation. 
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Chapter 6 Numerical Modelling of the Effects of Halite 
Scaling on Injectivity and Seal Performance  
6.1 Introduction 
The experimental studies described in Chapter 5 demonstrated that salt precipitation can 
cause severe impairments in permeability. The porosity and permeability data of the 
altered samples was used to calibrate a Verma-Pruess “tube-in-series” model (Verma 
and Pruess, 1988) employed in numerical simulations, which are presented in this 
Chapter. Similarly to the 1-D simulations presented in Chapter 3, these are performed 
with the general-purpose reservoir simulation code TOUGH2, coupled with the fluid 
property module ECO2N which can provide accurate fluid properties for the system 
CO2/water/NaCl for pressures up to 60 MPa, temperatures in the range 10 - 110 oC, and 
salinity up to full NaCl saturation (Pruess, 2005). TOUGH2/ECO2N is used to model 
multiphase flow subject to viscous, capillary and gravity forces; partitioning of H2O and 
CO2 between aqueous and CO2-rich phases; precipitation and dissolution of halite 
(NaCl). As solubility of water in the CO2-rich phase is small, typically a fraction of 
percent, effects of dissolved H2O on the density and viscosity of the CO2-rich phase are 
neglected.  
This work focuses exclusively on the precipitation of salt contained in the formation 
water during CO2 injection-induced formation dry-out. Chemical reactions between 
CO2, fluids and formation minerals can also be responsible for precipitation and 
dissolution effects. However, as described in Section 5.4.2, these reactions appear to 
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have a minor impact in the wellbore region compared to salt deposition induced by 
water vapourisation and, therefore, these are not considered in this work. Non-
isothermal effects are also not considered. As Giorgis et al. (2007) indicated in their 
study, simulations of supercritical CO2 injection under non-isothermal conditions may 
not produce different results than when the CO2 is injected at the same temperature of 
the undisturbed reservoir. These, however, could be important in the cases where CO2 is 
injected at a temperature significantly different from that of the rock formation. 
Two different sets of simulations are presented in this chapter. In the first, a two-
dimensional radial-vertical geometry (2-D R-Z) is used to study the impact of the 
interplay of gravity and capillary effects, and of important parameters such as injection 
rate, rock porosity, irreducible water saturation and water salinity on salt deposition. In 
the second set of simulations, the effect of salt precipitation on the sealing unit is tested 
using a similar 2-D R-Z geometry. 
6.2 Model Description 
An idealised 2-D radial model is used to represent CO2 injection in a saline aquifer. The 
geological formation is assumed to be homogeneous and isotropic and it is modelled as 
a horizontal disc with thickness of 10 m, discretised into 10 grid layers of constant 
height of 1 m. The numerical grid is extended to the distance of 100,000 m in order to 
make the system infinite acting for the time period simulated (10 years). Figure 6.1 
shows a schematic representation of the model used.  
The wellbore is located on the axis of symmetry of the disc and has a radius of 0.2 m. 
The total injection rate is uniformly distributed among the 10 reservoir layers. The 
horizontal discretisation was designed in such a way as to obtain great spatial resolution 
near the injection well, i.e. the region where highest gradients occur. From the well 
sandface, a fine radial grid has been built starting with an element of 0.01 m width and 
then increasing the element widths following a logarithmic progression. In total, 75 grid 
blocks have been used for each layer. The upper and lower boundaries of the formation 
are close, simulating impermeable layers at the top and at the bottom of the reservoir. 
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Figure 6.1: Schematic representation of the numerical model domain used. 
Initial pressure and temperature were respectively chosen as 12 MPa and 45 oC, 
representative of the thermodynamic conditions which might occur in a saline formation 
at a depth of approximately 800-1000 m. The brine salinity value of 25-wt% dissolved 
NaCl has been chosen to be close to the salt concentration used for the vapourisation 
tests at reservoir conditions. Porosity was set at 20 % and permeability at 100 mD. The 
aqueous phase irreducible saturation was assumed to be 0.30. The relative permeability 
and capillary pressure has been calculated with the van Genuchten models choosing 
parameters similar to the those used for the 1-D numerical simulations presented in 
Chapter 3. As shown by Pruess and Müller (2009), aqueous diffusion has negligible 
effects on solids precipitation and was not included in this study.  
CO2 injection was simulated for 10 years at a constant rate of 1 kg/s. Before performing 
the injection, a numerical simulation was run in order equilibrate the pressure inside the 
formation according to the hydrostatic gradient, which gives a pressure of around 11.95 
MPa at the top of the formation and a slightly higher pressure of 12.05 MPa at the 
bottom. The specifications chosen for this model are summarised in Table 6.1. 
Salt precipitation induced by the CO2 injection process is monitored and quantified in 
the different regions of the formation analysing the changes of solid saturation, that is 
the fraction of pore volume occupied by salt. From the values of solid saturation, the 
resulting porosity is computed. Corresponding permeability is also estimated according 
to the Verma-Pruess pore network model (See Appendix D).  
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Table 6.1: Physical properties of the aquifer 
Aquifer thickness 10 m 
Permeability  100 x 10-15 m² 
Porosity 20 % 
Pore compressibility 4.5 x 10-10 Pa-1 
Rock grain density 2,600 kg m-3 
Temperature 45 oC 
Pressure 12 MPa 
Salinity 25-wt% 
Injection rate 1 kg s-1 
Relative permeability model and capillary pressure models 
Liquid (van Genuchten, 1980)  
݇௥௟ ൌ √ܵ∗ ቄ1 െ ൣ1 െ ሺܵ∗ሻଵ/ఒ൧ఒቅ
ଶ
 ܵ∗ ൌ ሺ ௟ܵ െ ௟ܵ௥ሻ/ሺ1 െ ௟ܵ௥ሻ 
Residual liquid saturation Slr= 0.30 
Exponent λ= 0.457 
Gas (van Genuchten, 1980)  
݇௥௚ ൌ ൫1 െ መܵ൯ଶ൫1 െ መܵଶ൯ መܵ ൌ ሺ ௟ܵ െ ௟ܵ௥ሻ/൫1 െ ௟ܵ௥ െ ௚ܵ௥൯ 
Residual gas saturation Sgr = 0.05 
Exponent λ= 0.457 
Capillary pressure (van Genuchten, 1980)  
௖ܲ௔௣ ൌ െ ଴ܲ൫ሾܵ∗ሿିଵ/ఒ െ 1൯ଵିఒ  ܵ∗ ൌ ሺ ௟ܵ െ ௟ܵ௥ሻ/ሺ1 െ ௟ܵ௥ሻ 
Residual liquid saturation Slr = 0.00 
Exponent λ= 0.457 
Coefficient P0 = 19.6 kPa 
 
The Verma-Pruess model has been recently used in numerical modelling studies to 
represent the effect of salt precipitation (Pruess and Müller, 2009). However, in Pruess 
and Müller (2009) the model was not calibrated with experimental data derived from 
salt deposition but instead using similar parameters (Γ=0.80; Фc=0.90) to a previous 
study of permeability changes due to precipitation of amorphous silica at a geothermal 
injection well in the Philippines (Xu et al., 2004). This parameterisation gave very 
severe decrease in permeability for a limited porosity reduction. 
Müller et al. (2009) also used a Verma Pruess model to represent the relationship 
between changes in petrophysical properties induced by the formation dry out effect. In 
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this work, a vapourisation test was specifically executed to calibrate the permeability 
model used in the simulation. The observed experimental maximum permeability 
reduction (∼60%) was matched with the maximum salt precipitation (∼16%) obtained 
from numerical modelling. The parameters Γ and Фc were assumed both equal to 0.567. 
In the author’s view, this approach presents two limitations, namely the model was 
calibrated with a single result of permeability alteration, and the values of porosity and 
permeability reduction used are not related to one another. 
 
Figure 6.2: Verma-Pruess salt precipitation models. 
In this work, as illustrated in Chapter 5, vapourisation tests have been conducted at 
different pressure/temperature conditions to accurately represent the effect of salt 
precipitation. Figure 6.2 shows the different Verma-Pruess models obtained. The 
continuous blue line (Lab-TUD) is the model calibrated from the experiments 
conducted at TU Delft at reservoir conditions. The parameters Γ and Фc were assumed 
respectively equal to 0.70 and 0.59. The continuous red line is instead the model 
calibrated with the data from the experiments executed at Imperial College at 
atmospheric pressure and temperature. In this case, the parameters Γ and Фc were 
respectively 0.95 and 0.85. For comparison, the permeability model used in Pruess et al. 
(2009) and Müller et al. (2009) are also displayed.  
It can be observed that the two models obtained in this study are significantly different. 
Data from experiments at atmospheric pressure and temperature yielded a model which 
indicates great permeability changes for small porosity modifications, similar to Pruess 
et al. (2009). Whereas, the model calibrated with the results obtained at reservoir 
conditions is surprisingly close to the one used in Müller et al. (2009).  
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For all the numerical simulations presented in the next sections, the Lab-TUD 
permeability reduction model has been used. 
In order to simplify modelling, the simulations reported in this Chapter were performed 
without implementing the modified permeability values in the flow calculation. On the 
other hand, previous studies showed that saturation profiles for gas and solid precipitate 
do not depend on reduction of permeability, as long as the decrement does not induce 
extreme pressurization, which in turn would modify the fluid properties (Pruess and 
Müller, 2009). 
6.3 Assessment of Salt Precipitation within the Storage Formation 
Initially, the injection of dry supercritical CO2 displaces the brine around the wellbore. 
A small part of CO2 dissolves in the brine, whereas a fraction of the saline water is 
vapourised by the flowing CO2. As water evaporates the salt content contained into the 
brine is enriched. Halite deposition occurs where the solubility limit of approximately 
26.5% by weight is outreached. As the injection of CO2 proceeds, saline water continues 
to vapourise around the wellbore area until it completely disappears.  
 
Figure 6.3: Gas saturation distribution after CO2 injection for 1 year. 
As Figure 6.3 shows, one year after commencing the injection, the plume of CO2 
extended more across a region localised near the top of the formation at a distance of up 
to around 200 m from the wellbore. The presence of higher values of gas saturation at 
the top of the permeable interval can be attributed to the effects of buoyancy.  
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According to the simulation (Figure 6.4), salt deposition is confined to a small area up 
to 4 m inside the formation. Within this area, the amount of the precipitated NaCl 
appears to be fairly uniform, with an average solid salt deposition of approximately 
10%. A slight lower solid salt deposition can be measured at the top, whereas near the 
bottom a localised region with larger solid deposition (up to 13%) can be detected. 
These higher solid deposition values identified near the lower portion of the dry-out 
front are due to the interplay between capillary and gravity forces. In these areas, 
gravity has the effect of reducing the horizontal component of the flow vector, while the 
capillary forces remain unchanged. Therefore, the potential of backflow of aqueous 
phase increases towards the injection well providing a greater supply of precipitable 
salt. This behaviour had been previously reported by Giorgis et al. (2007). 
As Figure 6.5 shows, on average, the absolute permeability is reduced to 40% of the 
initial value, as indicated by the laboratory experiments. Permeability reduction peaks to 
48% in the region where the highest amount of NaCl is deposited. 
Figure 6.4: Solid salt deposition distribution (NaCl) after CO2 injection for 1 year. 
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Figure 6.5: Permeability reduction (k/k0) due to halite scaling after CO2 injection for 1 year. 
As the injection continues, the CO2 plume and the dry-out front progressively advance 
inside the formation. After 10 years, CO2 would travel as far as 650 m from the 
injection well (Figure 6.6), i.e. 3.25 times the advancement after one year of injection. 
Solid deposition profiles, shown in Figure 6.7, indicate that the halite scaling front also 
advanced 3.25 times from the first year, up to 13 m into the geological formation. It is 
possible to notice a slighter more pronounced vertical solid deposition trend, with a 
peak of 14% reduction of the pore volume. Absolute permeability reduces down to 51 
% of the original value (Figure 6.8). 
 
Figure 6.6: Gas saturation distribution after CO2 injection for 10 years. 
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Figure 6.7: Solid salt (NaCl) deposition distribution after CO2 injection for 10 years. 
 
Figure 6.8: Permeability reduction (k/k0) due to halite scaling after CO2 injection for 10 years. 
Starting from the 2-D injection model described in Section 6.3, which can be referred as 
Case 0, a sensitivity study was conducted to analyse the effects of different formation 
parameters on salt precipitation. Problem variations include using, one at a time, a 
different injection rate, porosity, residual water saturation, salt content and reservoir 
thickness. Table 6.2 resumes the different cases explored in this study.  
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Table 6.2: Sensitivity of salt precipitation to variations in formation parameters. 
Case Problem variation from Case 0 
1 Injection rate increased to 2.0 kg/s. 
2 Injection rate decreased to 0.5 kg/s. 
3 Porosity increased to 30 %. 
4 Irreducible water saturation increase to 40 %. 
5 Irreducible water saturation decreased to 20 %. 
6 NaCl concentration decreased to 15 % by weight. 
7 Aquifer thickness increased to 100 m and flow rate increased to 10 kg/s. 
8 Injection distributed among only the last 5 m at the bottom. 
 
Results for two cases with different injection rates, 0.5 kg/s and 2.0 kg/s, are displayed 
in Figures 6.9 – 6.12. The graphs are referred to different injection time periods, 
respectively 4 years and 1 year, in order to achieve the same amount of CO2 injected for 
both the cases. 
 
Figure 6.9: Gas saturation distribution after CO2 injection for 1 year with a rate of 2.0 kg/s 
(Case 1). 
For the larger injection rate (Case 1), the effect of gravity override is less important, and 
therefore vertical gradients appear less prominent. This can be seen observing the gas 
saturation map (Figure 6.9) which indicate a smaller tendency of CO2 to accumulate 
near the top of the formation. Close to the wellbore, the profile of gas saturation is 
nearly uniform, insomuch as the flow can be approximately considered as 1-D. As 
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shown in Figure 6.10, salt precipitation also seems to be uniform, with average solid 
deposition of 9% and a peak of 10 % in close proximity to the injection well, which 
induces a maximum reduction of the absolute permeability to as little as 37 %. 
 
Figure 6.10:  Solid salt (NaCl) deposition distribution after CO2 injection for 1 year with a rate 
of 2.0 kg/s (Case 1). 
 
Figure 6.11: Gas saturation distribution after CO2 injection for 4 years with a rate of 0.5 kg/s 
(Case 2). 
For the smaller injection rate (Case 2), the horizontal components of injection-induced 
pressurization are reduced, whereas buoyancy forces are not changed and, therefore, the 
effects of gravity override on gas saturation distribution become more pronounced 
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(Figure 6.11). According to this, more CO2 accumulates at the top of the formation. 
Rather differently from Case 1, for low injection rates, salt deposition varies 
significantly in the different regions of the formation, with marked vertical solid 
saturation trend (Figure 6.12). Average solid deposition is larger than in the previous 
case (approximately 13 %). Similarly to the first case studied (Case 0: injection rate 
equals to 1 kg/s), it is possible to identify an area near the lower portion of the dry-out 
front where larger amounts of precipitated salt can be detected. In this case, the 
maximum solid saturation is 24 %, which induces a permeability reduction as high as 79 
% of the original value. 
 
Figure 6.12:  Solid salt (NaCl) deposition distribution after CO2 injection for 4 years with a rate 
of 0.5 kg/s (Case 2). 
Case 3 investigates the influence of initial porosity. By increasing porosity from 20 % to 
30 %, the absolute amount of salt precipitating is also increased; however, the solid 
deposition distribution predicted by numerical modelling appears to be unchanged. Due 
to the increment of global pore space in the formation, the CO2 plume reached a slightly 
smaller distance than in Case 0.  
Case 4 and Case 5 examine the effects of a different value of irreducible liquid 
saturation. This parameter modifies the amount of brine that can be moved through the 
immiscible displacement mechanism, and consequently the fraction of liquid which is 
removed by evaporation into the CO2 stream. As expected, reducing irreducible liquid 
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saturation down to 0.20 resulted in less precipitation of salt and reduction in 
permeability. Increasing liquid saturation to 0.40 had the opposite effect. 
Case 6 investigates the effects of reduced brine salinity. As NaCl concentration was 
reduced by 40 %, from 25 %-wt to 15 %-wt, the salt deposition substantially decreased. 
After 10 years of CO2 injection, average solid deposition within the area affected by salt 
precipitation became 6 %, i.e. 40 % less than the average solid saturation for Case 0. 
Thus, average solid deposition proportionally decreased with the reduction in brine 
salinity. However, the peak solid deposition in Case 6 resulted in only 7 %, i.e. 50 % 
less than that determined for Case 0. Comparing to Case 0, also the gas saturation data 
presents some differences. Results indicate that the CO2 plume extends to a smaller 
distance into the aquifer. This is because less deposition of salt allows more CO2 to be 
stored in the pore space. 
An analogous sensitivity study had been previously conducted by Pruess and Müller 
(2009) for a simpler 1-D case, which gave similar indications regarding the effects of 
variation in porosity, salinity and residual water saturation. 
 
Figure 6.13:  Gas saturation distribution after 10 years of CO2 injection at 10 kg/s in a 
formation with a thickness of 100 m (Case 7). 
Case 7 investigates the effects of an increase in aquifer thickness. This simulation has 
been conducted increasing the vertical length of the formation by 10 times, from 10 m 
to 100 m. The injection rate was increased by 10 times as well, in order to maintain the 
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number of pore volumes of CO2 injected over the 10 years injection period. Figure 6.13, 
illustrates the gas saturation distribution at the end of 10 years of CO2 injection. The 
results indicate that by increasing the aquifer thickness, the effects of buoyancy become 
stronger and the portion of CO2 that accumulates near the top of the reservoir increases. 
Figure 6.14 shows the presence of a local region near the bottom of the formation where 
salt accumulated, reaching a solid saturation of 18 %. Such porosity variation 
corresponds a permeability reduction of 64 %, i.e. 13 percentage points more than the 
maximum permeability reduction determined for Case 0. 
 
Figure 6.14:  Solid salt (NaCl) deposition distribution after 10 years of CO2 injection at 10 kg/s 
in a formation with a thickness of 100 m (Case 7). 
Case 8 examines the influence of a different injection strategy. In this simulation, 
injection has not been distributed among all the reservoir layers but only among the 
lower 5 m. The total injection rate is unchanged. The gas saturation distribution did not 
present substantial differences from Case 0; however, the salt precipitation pattern was 
considerably modified. Figure 6.15 shows the solid salt deposition distribution after 10 
years of CO2 injection. As previously observed, also for this case, it is possible to notice 
the presence of a region near the lower part of the dry-out front where salt abundantly 
precipitates. However, differently from the previous cases, Figure 6.15 shows also 
another area where solid saturation is particularly high (around 16 %). This is in close 
proximity to the wellbore, 3-4 m below the top of the formation, i.e. right above the part 
of the reservoir where CO2 injection is conducted. In this area, vapourisation is strong. 
The vertical components of injection induced-pressurisation is instead weak, since the 
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flow near the well is approximately 1-D. Therefore, capillary pressure forces are able to 
recharge the vapourisation front with a continuous supply of new brine from the top of 
the formation provoking a severe accumulation of salt.  
In the top regions of the aquifer, halite scaling is much lower compared to Case 0. This 
is because CO2, moving from the bottom due to buoyancy only, arrives to the top of the 
formation already saturated to an extent with water and can induce only limited 
vapourisation of brine in the surrounding areas and resulting in limited salt deposition. 
 
Figure 6.15:  Solid salt (NaCl) deposition distribution after 10 years of CO2 injection 
distributed into only the lowest 5 m of the injection interval (Case 8). 
6.4 Assessment of Salt Precipitation on the Caprock 
The results presented in Section 6.3 indicate that capillary driven backflow can be 
responsible of the formation of local regions where salt accumulates resulting in great 
impairments in the reservoir petrophysical properties. This phenomenon is much more 
pronounced when the advancement of the drying front is somehow thwarted. As an 
example, it has been observed that due to the effect of gravity override, the horizontal 
progression of the dry-out front is delayed near the bottom of the formation and larger 
amounts of salt are deposited. In the ideal case of no advancement of the dry-out front 
in one direction, the localised reduction in permeability that can be obtained would be 
extremely high. This is because brine would constantly supply new brine on the same 
evaporation interface resulting in a continuous accumulation of salt, which would end 
only with the complete plugging of the pore space. A situation similar to the ideal case 
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described could occur on the interface between the aquifer and the impermeable sealing 
unit. The vertical progression of the drying front is indeed abruptly interrupted by the 
caprock, under which CO2 accumulates. CO2 cannot permeate the caprock layer, 
however, it can vapourise the water contained in it resulting in precipitation of salt. The 
importance of this phenomenon relies on the possibility that the associated permeability 
reduction can additionally improve the sealing capacity. Evidences suggesting this 
behaviour can be found in the afore mentioned study from Peysson et al. (2010). 
A numerical study has been conducted in this research to investigate the effects of halite 
scaling on the sealing unit. The numerical model used is similar to the one illustrated in 
section 6.2. The main difference is that an additional impermeable 1 m layer is included 
at the top of the formation representing the caprock. The following formation 
parameters have been chosen for this layer: porosity equals 10 %, permeability equals 1 
mD and the capillary pressure was computed using the van Genuchten model and a 
value of P0 equal to 5,000 kPa, which prevents any Darcy-driven flux. As previously 
mentioned in the earlier simulations presented in this Chapter, rock fluid interactions are 
not considered in this part of the work.  
For the first simulation, referred to as Case 9, the same parameters employed for Case 0 
in section 6.2 have been used for the aquifer formation. Unfortunately, the simulation 
had to be interrupted after only 10 days because salt saturation in the top first grid block 
representing the aquifer reached 1. In fact, when solid saturation reaches value 1 in one 
of the grid blocks the software is not able to continue the simulation. Figure 6.16 shows 
the solid saturation distribution following 10 days of CO2 injection. It is possible to 
observe the formation of a layer of very high solid saturation and zero permeability just 
underneath the caprock, around the wellbore. After 10 days, this layer extends only for a 
limited distance into the reservoir, within a radius of 0.10 m. However, during the 
overall time of a CO2 injection project, a NaCl layer with a radius of several metres can 
be expected to form. This would add extra sealing capacity in the area close to the 
wellbore, which is perhaps the most sensitive region for the risk of leakage.  
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Figure 6.16:  Solid salt (NaCl) deposition distribution map after 10 days of CO2 injection (Case 
9). 
 
Figure 6.17: Gas saturation map after 10 days of CO2 injection (Case 9). 
It is important to observe, that the eventual formation of such a salt barrier can be 
considered as a relevant mechanism in the context of CO2 storage because it could 
further improve the sealing effectiveness of a caprock in good conditions. However, it 
would not prevent leakages from one that is faulty at the first place. In fact, as Figure 
6.17 illustrates, after 10 days of injection the CO2 plume entered almost 30 m into the 
reservoir, i.e. much more widely than the formed salt layer. Therefore, CO2 can easily 
permeate into the caprock if this is fractured or has an inadequate capillary entry 
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pressure and permeability. As shown in Figure 6.18, the pressure disturbance involves 
even a larger area, reaching out to 3,000 m away from the wellbore. 
 
Figure 6.18: Pressure field (Pa) after 10 days of CO2 injection (Case 9). 
By reducing the NaCl salinity to 15% (Case 10), the formation of the salt layer is 
slowed down. Solid salt deposition reaches value 1 in the aquifer top left grid block 
after 18 days of injection. 
Salinity was further reduced in order to allow the simulation to run for a longer period 
of time (Case 11). Formation parameters are the same used in Case 9 but NaCl 
concentration was set as low as 0.5 % by weight. Similarly to the previous cases, the 
total injection rate of 1 kg/s is distributed uniformly among the aquifer 10 layers. Solid 
salt deposition and permeability reduction data for an injection time of 1 year are 
respectively shown in Figure 6.19 and 6.20.  
Following 1 year of CO2 injection, average solid deposition into the formation is almost 
null. This is due to the very low salinity chosen for the simulation. However, the two 
aquifer top layers present significant higher levels of salt deposition, reaching a 
maximum solid saturation of 47 %. Despite the very low brine salinity, according to the 
permeability reduction model used, underneath the caprock a completely impermeable 
salt barrier can be formed also in this case (Figure 6.20). 
 Numerical Modelling of the Effects of Halite Scaling on Injectivity and Seal Performance	
171 
 
Figure 6.19: Solid salt deposition distribution after 1 year of CO2 injection (Case 11). 
 
Figure 6.20:  Permeability reduction due to halite scaling after 1 year of CO2 injection (Case 
11). 
An additional sensitivity study was conducted in order to analyse the effects of the 
different aquifer parameters on the formation of the salt barrier underneath the sealing 
unit. From Case 11, a number of problem variations were explored including different 
injection rates, porosity, residual water saturation and injection strategy. Table 6.3 
presents the details of the different cases investigated.  
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Table 6.3:  Case characteristics used to investigate the sensitivity of salt precipitation to 
variations in formation parameters. 
Case Problem variation from Case 11 
12 Injection rate increased to 2.0 kg/s. 
13 Injection rate decreased to 0.5 kg/s. 
14 Porosity increased to 30 %. 
15 Irreducible water saturation increase to 40 %. 
16 Irreducible water saturation decreased to 20 %. 
17 Injection only in the bottom 5 layers 
 
Cases 12 and 13 investigate the effect of changes in the injection rate. As seen before, 
when increasing the flow rate, solid salt deposition slightly decreases in most parts of 
the aquifer for the same amount of pore volume of CO2 injected. However, it seems that 
the effect on the formation of the salt barrier below the caprock is opposite. In fact, 
injection of 2 kg/s for 6 months (same total amount of pore volumes injected as in Case 
11) increased the amount of salt deposited below the caprock. Solid saturation reached 
the maximum value of 53 % (Case 12). Similarly, decreasing the flow rate down to 0.5 
kg/s (Case 13) increases salt precipitation in all the aquifer regions underneath the 
caprock. 
Case 14 analysed the influence of initial porosity on the formation of the salt barrier 
below the caprock. Increasing porosity to 30 % slows the formation of the salt layer. In 
fact, using the hypothesis that the vapourisation rate is independent to porosity as 
assumed in these simulations, the amount of salt deposited after a certain time will be 
the same than in Case 11. However, since in this case more pore volume is available, 
the relative reduction in void space that occurs is slower. 
Cases 15 and 16 examine the importance of irreducible liquid saturation. Results 
presented in the previous Section demonstrated that this parameter controls the portion 
of brine that is not removed by immiscible displacement and, therefore, also controls the 
amount of salt deposited into the pores. However, the effect on the formation of the salt 
barrier is minimum. In fact, the large solid saturation reached underneath the caprock is 
only marginal due to the local salt contained in the brine but it mostly comes from the 
salt dissolved in the brine continuously coming towards the vapourisation front.   
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Finally, Case 17 investigates the effects of a different injection strategy. Similarly to the 
sensitivity study discussed in the previous section, the total injection rate of 1 kg/s was 
distributed only among the bottom 5 layers. Results show that no salt barrier underneath 
the caprock is formed by injecting only from the bottom. This is because CO2 that rising 
by buoyancy and coming to contact with the caprock is already saturated with water and 
cannot cause significant vapourisation. 
In this Section, the possibility of a salt layer formation adjacent to the caprock was 
numerically explored together with the influence of the main petrophysical formation 
parameters onto the process. However, the actual occurrence of such phenomenon 
requires validation from field and laboratory experiments. It is also important to 
highlight that the rate of the salt layer formation obtained in this study was strictly 
dependent on the vertical discretisation used and it cannot be considered representative 
of field conditions. In these simulations, the reservoir layer under the sealing unit, in 
which the salt barrier forms, had a thickness of 1 m. However, previous studies 
demonstrated that salt deposition can accumulate in a much thinner layer, of the order of 
few millimetres of thickness, adjacent to the evaporating surface (Peysson et al., 2010). 
If, as indicated by the authors, halite deposits in a significantly narrower region, high 
values of solid salt deposition could be expected within a much shorter period of time.  
The numerical study showed that halite scaling is likely to concentrate underneath the 
caprock, however, in the field some salt deposition could occur also inside the sealing 
unit. In fact, assuming very high vapourisation rates, the caprock might not be able to 
provide sufficient capillary-driven source of brine to the dry-out front and, therefore, the 
evaporation front could enter into the caprock promoting halite scaling on the inside. 
6.5 Conclusions  
To summarise, the following were established by the numerical simulations presented in 
the first part of this Chapter: 
 Salt deposition concentrates in an area a few metres around the wellbore inside 
the dry-out region. 
 Gravity and capillary effects slow the advancement of the CO2 vapourisation 
front and induce backflow of brine, producing localised areas near the bottom of 
the aquifer where deposition of salt occurs to a larger extent. For an equal 
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volume of CO2 injected into the reservoir, these effects become more 
pronounced as the injection rate is decreased. 
 Gravity override effects become more significant in aquifers with larger aquifer 
thickness, where the formation of local region near the bottom of the formation 
with very high values of solid NaCl deposition can be expected. 
 The relative amount of solid salt precipitated increases with brine salinity and 
irreducible water saturation while this is not dependent on porosity to a great 
extent.  
The second set of numerical simulations have shown that, at the interface between 
aquifer and caprock, a stationary dry-out front can be formed, inducing the formation of 
a salt layer which acts as an extra protection against leakages around the wellbore. The 
formation of the salt layer cannot prevent leakages from fractured caprocks, but it can 
be important in improving the sealing capacity of caprocks under favourable conditions. 
The numerical simulations have also established that: 
 Increments of brine salinity accelerate the formation of the salt layer between 
aquifer and caprock. 
 For an equal amount of CO2 injected into the aquifer, the rate of salt barrier 
formation appears to increase as injection rate is increased. 
 In aquifers with larger values of porosity, high values of solid saturation are 
reached in longer periods of time. 
 Irreducible water saturation seems to have no significant effect on the process. 
 This process seems to occur only when part of the CO2 is injected in close 
proximity of the caprock. In fact, in a simulation where CO2 was injected only in 
the lower part of the formation, there was no sign of this phenomenon. 
The occurrence of the salt layer at the aquifer-caprock interface has not been previously 
reported in the literature and it requires verification by field and laboratory experiments.  
Laboratory experiments are an essential part of rsearch to verify these mechanisms. 
Therefore, it is suggested that an an experimental programme to study the presence of 
the salt barrier phenomenon is set up.  
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Chapter 7 Conclusions and Suggestions for Future 
Work 
The research described in this document focused on CO2 injectivity, and in particular on 
identifying and quantifying possible injectivity reduction mechanisms promoted by the 
interactions between the injected CO2, reservoir rocks and formation fluids. Physical 
and chemical mechanisms were investigated using both experimental and numerical 
methods. 
Numerical study on injectivity 
The first part of this thesis presented the results of numerical calculations using a 1-D 
idealised injection flow model built with the simulation program TOUGH2. The 
objective was to numerically investigate the impact of permeability changes on 
injectivity at various distances from the injection point. The results have demonstrated 
that changes taking place in the petrophysical properties of the reservoir several metres 
from the injection point can have a significant impact on injectivity. Therefore, it was 
decided to design and implement a new experimental and numerical approach to 
investigate the rock-fluid interactions in the far field region. 
Effects of Pressure and Non-Isothermal Processes 
The experimental research presented in Chapter 4 involved the injection of an acid 
solution through limestone core samples arranged in series and subjected to different 
temperature/pressure conditions to reproduce the changes in the thermodynamic 
conditions which potentially take place when the fluid front moves away from the 
 Conclusions and Suggestions for Future Work	
176 
injection point. The results of the experiments demonstrated that the effect of pressure 
changes is relatively small and is not considered to be a major threat for CO2 injectivity. 
It was also observed that, although not significantly large, the effect of temperature 
variations between the injection point and the reservoir can lead to re-precipitation and 
permeability reduction, resulting in loss of injectivity.   
The experiments were conducted using limestone cores; therefore, they simulated more 
closely the processes taking place in carbonate reservoirs. However, similar 
considerations can be extended to sandstone rocks since they commonly  contain 
carbonate minerals.  
It should be noted that the results obtained from acid injection experiments are not 
directly applicable to real CO2 injection cases. In fact, the acidity of the solution used in 
the experiments was unrealistically high and the reactions observed may be different to 
those taking place in a real injection scenario. Future experiments should consider using 
CO2 or carbonated brine instead of an acid solution under simulated reservoir 
conditions.  
Experimental Investigations on Salt Precipitation 
In addition to the dissolution/precipitation mechanism, CO2 induced vapourisation of 
saline water was also experimentally and numerically studied because this can promote 
precipitation of salt with associated reduction of porosity, permeability, and injectivity. 
In the first part of Chapter 5, the results of CO2 core flooding experiments performed at 
atmospheric pressure and temperature conditions were presented. The tests were 
conducted on St. Bees Sandstone and Guiting Limestone core samples saturated with 
brine with different levels of NaCl concentration. Results showed that deposition of salt 
can actually induce changes in porosity and significant reductions in absolute 
permeability: porosity reductions ranged from 3 to 5 % of the initial values, 
permeability reduced by around 13 to 47 %.  
However, it is important to point out that, during the flooding experiments, the greatest 
reduction in effective permeability was attributed to relative permeability effects rather 
than halite scaling. Despite this observation, halite scaling remains a critical 
phenomenon regarding injectivity. In fact, while the relative permeability effects can be 
treated as being temporary, the alterations on petrophysical properties induced by salt 
deposition are permanent.  
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Injection of fresh water as remediation strategy for halite scaling around the wellbore 
was also tested by flushing the altered samples with deionised water. Petrophysical 
characterisation of these samples indicated that the water injection strategy can be very 
effective in amending the damage caused by halite scaling. In fact, porosity and 
permeability were fully restored to their initial values in most of the cases.  
The analysis of the results also highlighted that increasing brine salinity, as it is 
predictable, amplifies precipitation and therefore porosity and permeability 
impairments. Finally, comparing the data from the experiments executed on the St. Bees 
and Guiting samples, it was observed that the final outcome on porosity and 
permeability can depend on the initial petrophysical properties of the rock, such as 
porosity, permeability, capillary pressure, tortuosity and heterogeneity. 
The second part of Chapter 5 presented results from vapourisation experiments carried 
out at reservoir pressure and temperature conditions and with supercritical CO2. Several 
levels of porosity and permeability alteration due to halite scaling were obtained on the 
Guiting and St. Bees cores used. The results of the experiments have confirmed that 
small reduction in porosity can induce significant impairments in permeability.  
Chemical analysis conducted on the produced brine indicated that geochemical 
reactions in the near wellbore region might be somehow limited. It was, in fact, 
observed that most of the brine is quickly displaced at the start of injection with limited 
time being available for reactions. Therefore, dry CO2 can chemically interact only with 
a small portion of brine, corresponding almost entirely to the irreducible water 
saturation. Regarding injectivity, the dissolution/precipitation mechanism can be 
therefore considered of secondary importance compared to the halite scaling process. 
The St. Bees Sandstone sample was subjected to several consecutive cycles of NaCl 
brine saturation and dry CO2 flooding, in order to obtain different levels of porosity and 
permeability changes. The objective was to establish a relationship between porosity 
and permeability changes describing the effects of salt precipitation. During the 
experiments, porosity decreased from the initial value of 22.59 % to 16.02 % after the 
fourth vapourisation test. Permeability decreased down to 86% of the original value, 
from 7.78 mD to 1.07 mD. Petrophysical data was used to calibrate a Verma-Pruess 
“tube-in-series” model for use in numerical simulations. Future research should focus 
on investigating the effect of salt precipitation, as well as the influence of 
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thermodynamic conditions and injection rates, on the reservoir characteristics of rocks 
with different petrophysical properties and mineralogy. Simultaneous CT-scanning can 
also be used to monitor the drying process and the precipitation pattern. 
Numerical Investigations into Salt Precipitation 
The last part of this research investigated the fundamental aspects of water 
vapourisation and salt precipitation using numerical simulations of the relevant 
multiphase flow and interphase mass transfer processes. An idealised 2-D radial model 
built in TOUGH2 was used to represent CO2 injection in a saline aquifer. Changes in 
porosity were assessed from variation of solid saturation, i.e. the fraction of pore 
volume occupied by salt. Corresponding permeability was also estimated according to 
the Verma-Pruess pore network model, calibrated with the experimental results of 
Chapter 5. 
The influence of a number of factors on the dry out front and salt precipitation has been 
studied on the 2-D model. The parameters investigated include CO2 injection rate; 
aquifer properties such as porosity, irreducible saturation, brine salinity and aquifer 
thickness.  
The numerical simulation results suggested that: 
 Salt deposition concentrates in an area of few meters around the wellbore inside 
the dry-out region. 
 Gravity and capillary effects slow the advancement of the CO2 vapourisation 
front and induce backflow of brine producing localised effects near the bottom 
of the aquifer where deposition of salt occurs to a larger extent. For the same 
volume of CO2 injected into the reservoir, these effects are accentuated as the 
injection rate is decreased. 
 Gravity override effects become more significant in aquifers with larger aquifer 
thickness, where the formation of a localised region near the bottom of the 
formation with very high values of solid saturation can be expected. 
 Solid saturation increases with brine salinity and irreducible water saturation 
while these effects do not significantly depend upon porosity.  
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A second 2-D model was built to include a caprock layer above the reservoir in order to 
investigate the impact of halite scaling on the sealing capacity. Results have shown that, 
at the interface between the aquifer and caprock, a stationary dry-out front can be 
formed. This induces the formation of a salt layer which acts as an extra protection 
against leakages around the wellbore. The formation of the salt layer occurs much 
slower than the CO2 plume expansion into the aquifer. Therefore, it cannot prevent 
leakages from fractured caprocks, however, it can make an important contribution by 
improving the sealing capacity of caprocks. The numerical simulations have also 
established that: 
 Increments of brine salinity accelerates the formation of the salt layer between 
the aquifer and caprock. 
 For the same volume of CO2 injected into the aquifer, the rate of salt barrier 
formation increases as the injection rate is increased. 
 In aquifers with very high porosity, higher values of solid saturation are reached 
given a longer periods of time. 
 Irreducible water saturation does not seem to have a significant impact on the 
salt precipitation process. 
 The salt precipitation process appears to occur only when part of the CO2 is 
injected in close proximity of the caprock. In fact, in a simulation where CO2 
was injected only in the lower part of the storage formation, there was no sign of 
salt precipitation. 
The occurrence of a salt layer at the boundary between the reservoir and the caprock has 
not previously been reported in the literature and this requires verification by field and 
laboratory experiments. Future work should include laboratory experiments with 
caprock core samples, as well as the reservoir rock.  
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Appendix A: Mathematical Model Used in TOUGH2 
Neglecting non-isothermal phenomena, effects of mechanical stresses and geochemical 
reactions other than partitioning of mass components (species) among phases, the basic 
mass conservation equation representing the three components system water-salt-CO2 
can be written in the general form (Pruess et al., 1999): 
n n n
n n n
V V
d M dV F nd q dV
dt
 

          (A.1) 
where: 
κ = component (water, salt or CO2). 
Vn = arbitrary subdomain of the flow system over which the integration is defined, m3. 
Γn = closed surface delimitating Vn, m2. 
Mk = accumulation mass, i.e the mass of component κ per unit of volume, kg m-3. 
Fk = mass flux, kg m-2 s-1. 
qk = mass sinks or sources, kg m-3 s-1. 
n = unit normal vector on the surface element dΓn, directing inwards into Vn. 
The general form of the mass accumulation term can be expressed as follow: 
kM S X   

       (A.2) 
where:  
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β = different fluid phases in which the mass component κ is present. 
Φ = porosity of the porous medium, fraction. 
Sβ = saturation of phase β, which is the portion of pore volume occupied by phase β, 
fraction. 
ρβ = density of phase β, kg m-3. 
Xβκ = mass fraction of component κ contained in phase β, fraction.  
The mass flux is formed by the advective term and the diffusive-dispersion term. The 
advective flux term is: 
advF X F
  

         (A.3) 
where the individual phase fluxes Fβ are expressed by a multiphase version of Darcy’s 
law: 
( )r
k
F u k P g    

     
  
   (A.4) 
where: 
uβ = Darcy velocity in phase β, m s-1.  
k = absolute permeability, m2. 
krβ = relative permeability to phase β, dimensionless. 
μβ = viscosity, Pa s. 
g = vector of gravitational acceleration, m s-2.  
Pβ = P + Pcβ = fluid pressure in phase β, which can be expressed as the sum of the 
pressure P of a reference phase (usually taken as the gas phase) and the capillary 
pressure Pcβ (≤ 0), Pa.  
Absolute permeability of the gas phase varies with pressure according to the relation 
given by Klinkerberg (1941):  
1 bk k
P
           (A.5) 
where:  
k∞ = value of permeability measured at “infinite” pressure, m-2. 
b = Klinkenberg parameter, Pa. 
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The diffusive-dispersion flux term is written as follows (de Marsily, 1986): 
disF A X
   

        (A.6) 
where the hydrodynamic dispersion tensor is expressed as: 
, ,
, 2
( )L T
T
A A
A A I u u
u
     

        (A.7) 
where Ī is the unit tensor. 
The transverse and longitudinal dispersion coefficients are respectively written as: 
, 0 ,T TA D u
 
             (A.8) 
, 0 ,L LA D u
 
             (A.9) 
where: 
 Dκβ = molecular diffusion coefficient for component κ in phase β, m2 s-1. 
τ0τβ = tortuosity, which is given by the product of a porous medium dependent factor, τ0, 
and a coefficient factor, τβ, depending on phase saturation Sβ, dimensionless.  
αT, αL = transverse and longitudinal dispersivities respectively, m.  
Molecular diffusion is not included in the simulation presented in this work because the 
contribution to the flux is not significant compared to advection. 
For numerical solution, the mass conservation equation (A.1) is discretised in space and 
time, and thermophysical (PVT) properties of the fluids are expressed as functions of 
basic set of primary thermodynamic variables. As it is common in petroleum reservoir 
and groundwater simulation, the Gauss’ divergence theorem is applied to equation (A.1) 
in order to derive the following partial differential equation (PDE): 
M divF q
t
     

     (A.10) 
Equation (A.10) is the form commonly used as starting point for deriving finite 
differences or finite element discretisation approaches. The model used in this study 
adopts an alternative procedure in which space discretisation is accomplished directly 
from the integral equation (A.1) using an integral finite difference method (IFD) 
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(Edwards, 1972; Narasimhan and Witherspoon, 1976). According to this method, 
volume averages are defined as: 
n
n n
V
MdV V M       (A.11) 
where M (kg m-3) represents a volume-normalised extensive quantity, and Mn (kg m-3) 
denotes the average value of M over a volume element Vn (m3). Surface integrals of 
equation (A.1) are simplified as a discrete sum of averages over surface segments Anm 
(m2): 
n
k
n nm nm
m
F nd A F

          (A.12) 
where Fnm (kg m-2 s-1) represents the average value of the inward normal component of 
F

 (kg m-2 s-1) over the surface segment Anm (m2) between generic volume elements Vn 
and Vm (m3). Figure A.1 illustrates the discretisation approach used in the integral 
difference method and the geometric parameters defined. 
 
Figure A.1: Space discretisation and geometric parameters in the integral difference method 
(Pruess, 1991). 
The basic Darcy flux term of equation (A.4) is discretised in terms of averages over 
parameters for elements Vn and Vm: 
, ,
, ,
r n m
nm nm nm nm
nmnm
k P P
F k g
D
   
 

 
            
  (A.13) 
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where the subscripts nm denote appropriate averaging at the interface between volume 
elements (grid blocks) n and m. nm n mD D D  is the distance (m) between the nodal 
points n and m, and gnm (m s-2) represents the component of gravitational acceleration in 
the direction from m to n. 
A set of first order ordinary differential equations in time can be obtained substituting 
equations (A.11) and (A.12) into the governing equation (A.1): 
1n
nm nm n
mn
dM
A F q
dt V

       (A.14) 
Time is discretised using a first order finite difference, and the flux and sink and source 
terms on the right side of equation (A.14) are evaluated at a time 1k kt t t    (s) in 
order to obtain major numerical stability (Pruess, 1991). The space and time discretised 
form of equation (A.1) can expressed as the following set of coupled, non-linear, 
algebraic equations: 
, 1 , 1 , , 1 , 1 0k k k k kn n n nm nm n n
mn
tR M M A F V q
V
                (A.15) 
where the residuals , 1knR
  (kg m-3) has been introduced. For each volume element Vn, 
three equations (κ=1, 2, 3) need to be solved. In total, for a flow system with a number 
of elements, ne, there are 3 x ne coupled non-linear equations as (A.15). The unknowns 
consist in 3 x ne independent primary thermodynamic variables which entirely defines 
the flow system state at the time level tk+1. These equations are solved through Newton-
Raphson iteration, which is continued until all residuals are reduced under a preset, 
convergence tolerance. Typically this convergence tolerance corresponds to
, 1 , 1 5/ 10k kn nR M
    . If convergence is not achieved within a preset number of 
iterations, the time step size Δt is reduced and the iteration process is re-started. 
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Appendix B: Injectivity Loss due to Low Permeability 
Circular Crowns 
Results of the injectivity loss due to low permeability circular crowns were displayed in 
Figure 3.7 as a function of the mean radius of the circular crowns for a case 
corresponding to a reservoir with a permeability equal to 200mD. Scenarios 
corresponding to reservoirs with a permeability of 50, 100, 300 and 1,000 mD have 
been also modelled and are shown in Figure B.1 – B.4. 
 
Figure B.1:  Injectivity loss due to low permeability circular crowns in a 50 mD uniform 
permeability reservoir. 
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Figure B.2:  Injectivity loss due to low permeability circular crowns in a 100 mD uniform 
permeability reservoir. 
 
Figure B.3:  Injectivity loss due to low permeability circular crowns in a 300 mD uniform 
permeability reservoir. 
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Figure B.4:  Injectivity loss due to low permeability circular crowns in a 1000 mD uniform 
permeability reservoir. 
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Appendix C:  Microscopic Images of Salt Deposition 
Two microscopic images of the Guiting Limestone core sample altered with salt 
precipitation were shown in Figure 5.32, 5.33. The full set of photographs are displayed 
here. These comprehend: four photographs (Figure C.1-C.4) of about 1 cm2 (1 x 10-4 
m2), with magnification of 13x and compensation for varying depths, taken on the 
injection side; five similar photographs (Figure C.5-C.9), taken on the production side 
and an extra high magnification image (41x) of about 0.2 cm2 (1 x 10-5 m2), taken on 
both sides of the core to observe further details (Figure C.10 and C.11). 
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Figure C.1:  Microscopic image of the area L1 on the Guiting Limestone core in the proximity 
of the injection face. 
 
Figure C.2:  Microscopic image of the area L2 on the Guiting Limestone core in the proximity 
of the injection face. 
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Figure C.3:  Microscopic image of the area L3 on the Guiting Limestone core in the proximity 
of the injection face. 
 
Figure C.4:  Microscopic image of the area L4 on the Guiting Limestone core in the proximity 
of the injection face. 
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Figure C.5:  Microscopic image of the area R1 on the Guiting Limestone core in the proximity 
of the production side. 
 
Figure C.6:  Microscopic image of the area R2 on the Guiting Limestone core in the proximity 
of the production side. 
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Figure C.7:  Microscopic image of the area R3 on the Guiting Limestone core in the proximity 
of the production side. 
 
Figure C.8:  Microscopic image of the area R4 on the Guiting Limestone core in the proximity 
of the production side. 
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Figure C.9:  Microscopic image of the area R5 on the Guiting Limestone core in the proximity 
of the production side. 
 
Figure C.10:  Microscopic close-up photograph with high magnification (41x) on the Guiting 
Limestone core in the proximity of the injection face. 
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Figure C.11:  Microscopic close-up photograph with high magnification (41x) on the Guiting 
Limestone core in the proximity of the production side. 
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Appendix D:  Verma-Pruess Permeability Reduction 
Model 
This Section briefly presents the Verma-Pruess permeability reduction model, which 
was calibrated with the experimental results discussed in Chapter 5 and used for the 
simulations presented in Chapter 6 (Verma and Pruess, 1988). In the Verma-Pruess pore 
network model, the porous medium is described as a composition of channels “in-
series” whose axis are parallel to the direction of flow (Figure D.1). As shown in the 
figure, each channel is modelled as a capillary tube which has radius r (m) for a fraction 
Γ of the total length and a smaller radius r’ for the remaining fraction of length 1- Γ.  
 
Figure D.1:  Idealised representation of permeable media in the Verma & Pruess model 
(modified from:Verma and Pruess, 1988) 
This characterisation replicates the essential feature of most natural permeable media 
that flow channels commonly consist of wide and narrow segments (corresponding to 
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pore bodies and pore throats). Consequently, minor changes in average porosity may 
have a drastic impact on permeability due to plugging of pore throats. Evidence of this 
behaviour for salt deposition has been shown from the results of the vaporisation tests 
presented in Chapter 5. The model assumes all the channels exhibit identical and 
uniform deposition. With these hypotheses, the porosity-permeability relationship can 
be obtained considering the case of a single tube for unit area. Initial porosity (Ф0) can 
be expressed as: 
2 2
0 1 2[ (1 ) ]r r          (D.1) 
Considering the relationship between pressure gradient and volumetric flow rate for a 
tube of radius r, which is given by the Hagen-Poiseulle equation: 
4
8v
pQ r 
       (D.2) 
where: 
Qv = volumetric flow rate, m3/s. 
p = pressure, Pa. 
μ = viscosity, Pa s. 
Initial permeability (k0) of the channel can be calculated as: 
4 4
0 1 2
1 8 1
k r r
      
      (D.3) 
In case of deposition of a volume Λ per unit of length, porosity decreases to 
0   . When 22r  , the tube segment with the smaller radius will be 
completely clogged and permeability will reduce to zero. The finite porosity 
2
0c r    , at which permeability goes to zero, is referred in Verma and Pruess 
(1988) as critical porosity. Denoting by 1r and 2r  the radii of the tube segments after 
deposition of the volume Λ, porosity and permeability are respectively given by: 
2 2
1 2[ (1 ) ]r r           (D.4) 
 References	
215 
4 4
1 2
1 8 1
k r r
     
     (D.5) 
Introducing the normalised parameter: 
0
c
c
           (D.6) 
with 2 21 2( )c r r    and 21 2( / )r r  , the relationship between porosity and 
permeability changes is given by: 
2
2
2
0
1 /
1 [ / ( 1)]
k
k
   
       
    (D.7) 
 
 
